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Abstract

Carbon dioxide flooding in viscous oil systems has been proven to improve oil recovery and store 

CO2 in several geologic basins worldwide. With global energy steadily transitioning towards 

decarbonization, CO2-EOR and Sequestration can reduce the carbon footprint from crude oil 

production. Although well accepted globally, the potential of improved oil recovery and CO2 

storage capacity has not been extensively studied in Alaska. Since the CO2 injection process 

involves phase transition, reservoir simulation becomes more complex. It requires reliable 

techniques to estimate the ultimate recovery factor, oil production rate, and CO2 storage volumes 

precisely.

This study focuses on carbon dioxide enhanced oil recovery (CO2-EOR) and storage in the Orion 

satellite field of Alaska, its ability to reduce greenhouse gases, and the technical and economic 

feasibility of a CO2 flooding project. In this study, the Peng-Robinson equation of state is tuned 

to model fluid behavior from the respective sands accurately. Core flooding results from the Orion 

Oil Pool in the Schrader Bluff Formation provided the basis for developing relative permeability 

curves for the various layers in the geological model. The geological model was then coupled with 

the developed fluid model and introduced into a compositional simulator capable of handling the 

heterogeneous complexity to simulate CO2 injection. Simulations suggested that the CO2 gas 

injection is partially miscible in the Orion reservoir at pressures close to the average initial 

reservoir pressure. Consequently, CO2 mixes with oil in the reservoir, reduces oil viscosity, 

increases oil mobility, and improves oil recovery. Different simulation scenarios were considered 

and compared, including the effects of fluid injection mixtures on oil recovery, well trajectory 

effects, and production bottom hole pressure effects on oil recovery.
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A considerable volume of injected CO2 is expected to be sequestered in the reservoir, for which 

economic analysis is conducted for tax credit purposes. The results show that 40% Enriched CO2 

injection achieved the highest oil recovery, which highlights the importance of selecting the 

appropriate injector and producer well trajectory. This work provides insights into the optimum 

CO2 gas flooding controlling parameters for incremental oil production through sensitivity 

analysis. The study's novelty is further expanded by quantifying the potential of CO2 sequestration 

in each layer of the Orion oil field.
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Chapter 1: Introduction
1.1 The Role of CO2-EOR and Sequestration in Alleviating Global Warming.

There is a varying school of thought on the causes of global warming in scientific spheres. 

Climate scientists agree that a significant reason for global warming is the anthropogenic 

emissions of greenhouse gases into our Earth's atmosphere (Cox et al. 2000; Chu et al. 2020). 

According to a reference case by the U.S. Energy Information Administration's (EIA) Annual 

Energy Outlook 2020 (AEO 2020), the U.S. energy-related carbon dioxide (CO2) emissions 

will increase to about 4.9 billion metric tons in 2050. The United Nations' (U.N.) report in 

2007 (U.N. 2007) posited that human activities and greenhouse gas effects are likely the cause 

of global warming with an over 90% degree of confidence. The deleterious impact of 

greenhouse gases on the environment cannot be overstated. The total amount of Greenhouse 

Gases (GHG), such as CO2, CH4, N2O, HFCs, etc., accumulation will continue to rise in the 

atmosphere, as evidenced by the sustained rise in temperature over the last decade. Another 

school of thought for global warming is increased solar activity and the Sun's energy output 

(G. G. Bernard and Holm 1964). However, since 1750, global warming has been driven by 

greenhouse gases from anthropogenic activities and naturally occurring effects like thawing 

permafrost. According to NASA's Global Climate Change newsletter (NASA 2008), this effect 

is over 50 times greater than the slight extra warming coming from the Sun itself over the same 

time interval.

An important question that requires answering is that if Green House Gases (GHG) is 

responsible for global warming, researching ways to reduce their emissions into the 

atmosphere should be prioritized (Farajzadeh et al. 2009). The combustion of fossil fuels emits 

CO2, a significant contributor to greenhouse gases, and can increase global temperatures while 

accentuating climate change's corresponding effects. Carbon dioxide from fossil fuels and 

industrial processes accounted for 65% of global greenhouse emissions. A further 11% is 

emitted from direct human-induced impacts on forestry and other land use (IPCC, 2014). 

Although the energy outlook remains subject to heightened uncertainty levels due to the effects 

of the novel Covid-19 pandemic, approximately 81% of energy demands in the U.S. and the 

world are dominated by fossil fuels (EIA, 2020). New research suggests that an increased 
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concentration of CO2 in our living rooms and workspaces, accumulated through vents, could 

lead to an impaired cognitive ability by 2100 (Karnauskas et al. 2020)

Replacing fossil fuels with clean energy sources, such as solar energy, nuclear, and wind 

energy will reduce CO2 emissions. However, a rapid departure from fossil fuels is untenable 

without the global economy's disruption or collapse (G. G. Bernard and Holm 1964). 

Intergovernmental Panel on Climate Change suggest feasible options to reduce CO2 emissions 

as follows (Rivera et al. 2017):

i. Developing and using low carbon fuels such as natural gas instead of high carbon fuels

ii. Improving energy efficiency by reducing fossil fuel consumption

iii. CO2 capture and sequestration in enhanced natural and biological sinks.

Leung et al. (2014) and Shaw and Bachu (2002) presented techniques to reduce CO2 

concentration in the atmosphere by capturing CO2 from anthropogenic sources, then disposal 

and sequestration in a geological formation, and providing alternative approaches to reducing 

CO2 emissions. These include improving energy efficiency and employing the use of low- 

carbon fuels such as natural gas. Other strategies involve using hydrogen and nuclear power 

and applying geoengineering approaches such as afforestation.

IPCC has conducted a comprehensive review back in 2005 on various technologies on Carbon 

Capture and Sequestration (CCS), although a lot has changed since then. The studies in 

literature only account for distinct aspects of CCS technology training, focusing on either 

capture, transport, storage, environment, or economics. The choice of capture technology 

directly depends on the fuel type of combustion process. It is worth noting that 70 to 80% of 

the CCS system's total cost is due to the capture technology available. The central capture 

systems associated with different combustion systems include post-combustion, pre

combustion, and oxyfuel combustion (Leung et al. 2014), as indicated in Figure 1.1.
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Figure 1.1 CO2 capture technologies, adapted from (IPCC 2005)

Shaw and Bachu ( 2002) presented options for CO2 sequestration with geological sequestration as 

the most attractive long-term potential sink due to an advanced understanding of geological sinks. 

These include injection into deep saline aquifers, injection into depleted oil and gas reservoirs, 

injection into deep coal bed resources to recover methane, injection into salt caverns for 

underground storage, and using CO2 as an enhanced oil recovery agent in mature or highly viscous 

oil fields. Figure 1.2 shows the geological sequestration of carbon dioxide emissions from fuel 

sources.
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Figure 1.2 Carbon sequestration in geological sources as adapted from (Hardin and Payne 2021)

Trapping mechanisms of CO2 geological sequestration include solubility trapping, hydrodynamic 

trapping, mineralization-based trapping, and chemical sorption in coals (Farajzadeh et al. 2009). 

Solubility trapping occurs when CO2 dissolves under pressure into fluids in the formation and 

subsequently traps and stores CO2. The rate of dissolution is indicative of how reservoirs can store 

gas. Hydrodynamic or stratigraphic trapping occurs when CO2 accumulates under low- 

permeability caprocks due to capillary forces. An underlining problem associated with 

hydrodynamic trapping is the mechanical integrity if the seal becomes compromised after long 

storage periods. Residual gas trapping occurs when displaced brine by injected CO2 reinvades the 

formation and traps CO2 in pore throats. Mineralization trapping occurs over a long period as CO2 

forms stable mineral precipitates called carbonates (Núñez-López and Moskal 2012)
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Patil et al. (2006) studied the potential of sequestering CO2 on Alaska's North Slope (ANS) oil 

reservoirs through miscible or immiscible displacement. West Sak and Ungu sands are exemplary 

cases of CO2 flooding due to infrastructure availability and the oils' viscous nature. The apparent 

advantages of considering CO2 sequestration on ANS are the potential to reduce GHG in an 

environmentally friendly way, unlocking the vast viscous oil reserves to contribute to Alaska's 

economic growth.

In this study, the Orion satellite development in the Prudhoe Bay Unit (PBU) is investigated using 

geological modeling, fluid characterization, fluid flow model simulation, and economic analysis 

to assess CO2 enhanced oil recovery and CO2 storage potential.

1.2 CO2 Storage in Sedimentary Environments

Figure 1.3 provides an overview of the geographical coverage and the status of storage resource 

assessments. Geological storage capacity in the U.S. compared to worldwide sources is listed 

under several storage sites. Sites range from complete storage assessments in the U.S., Russia, 

Australia, and the North Sea to estimates that have not been studied or considered, such as in sub

Saharan Africa, some South American countries, and Eastern Europe. This storage capacity is not 

exhaustive but provides an estimate of reported capacities studied in these regions. Table 1.1 

summarizes the geological storage capacity for storage sites in the U.S. and other sites in the world.

Table 1.1 Summary of Geological Storage Capacity adapted from Dooley et al. (2008)

Storage Site Trapping Mechanism Storage Potential 
in the U.S.
(Gt CO2)

Worldwide Storage
Potential (Gt CO2)

Saline aquifers hydrodynamic, dissolution, and 
mineralization

3,630 9,500

Depleted oil 
reservoirs

hydrodynamic, dissolution, and 
mineralization

12 120

Gas reservoirs hydrodynamic, dissolution, and 
mineralization

35 700

Deep un-mineable 
coal seems

primarily chemical adsorption 30 140

Deep saline-filled 
basalt formations

hydrodynamic, dissolution, and 
mineralization

240 -

Caverns, Organic 
shales, gas hydrates 
(da Costa et al. 2020)

various potential not 
reported

0.108
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Most regional assessments used the Carbon Sequestration Leadership Forum (CSLF) calculation 

method, a simple static volumetric calculation of the total pore space, then determining pore space 

accessed by CO2 using an efficiency factor to estimate CO2 storage capacity. According to the 

CSLF classification pyramid, the portfolio results show that most assessments have estimated their 

theoretical storage resource. In Europe, onshore and offshore sedimentary basins have been 

estimated to contain about 238.8 GT of potential CO2 storage capacity with 82 GT effective storage 

and the remaining theoretical storage capacity (Consoli and Wildgust 2017). Africa has a solely 

theoretical storage capacity of 401.6 GT of CO2 storage capacity, and the Middle East has between 

19 GT to 64 GT of theoretical CO2 storage capacity. The U.S. has an effective storage capacity of 

between 2,367 GT to 21,200 GT of CO2 storage capacity, Canada has an effective storage capacity 

of 198 GT - 671 GT of CO2 storage capacity. Mexico and Brazil combine for a theoretical storage 

capacity of 2,130 GT of CO2. In comparison, Asia-Pacific has been estimated to have 2,823 GT 

of CO2 storage capacity with 36% effective CO2 storage capacity and the other 64% theoretical 

capacity (Consoli and Wildgust 2017), as seen in Figure 1.3.

Figure 1.3 Geographical coverage of the status of storage resource assessments adapted from 
Consoli and Wildgust (2017)
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Table 1.2 Summary of geological storage capacity adapted from Baines, Lashko, and James (2020)

Country Aggregated CO2 

Storage resource, 
GT- represents the 
summed storage 
resource across all 
maturity classes

Description Depleted 
Oil and 
Gas 
Field

Saline 
Aquifer

Brazil 2.47 Discovered but inaccessible in oil and gas 
reservoirs

Y N

Baltic
Region 
(Denmark 
and
Germany)

1.74 Entirely held within saline aquifers within 
closed structures

N Y

Australia 431 Currently 29 sites across offshore and 
onshore basins

Y Y

Canada 399 Potential storage resource has been 
identified in 4 geological basins with 56 
sites or regional locations identified

Y N

China 3077 The storage resource is located across a 
minimum of 21 geological basins, both 
onshore and offshore

Y N

Bangladesh, 
India, 
Pakistan, 
Sir Lanka

117.14 Discovered but inaccessible in oil and gas 
reservoirs

Y Y

Norway 93.6 Primarily located in the Norwegian North Y N

United 
Kingdom

77.6 Mainly evaluated offshore basins, with 
none onshore

Y Y

United 
States

8017 Through December 2019, CCS projects 
operating in the U.S. include the Illinois 
Basin Decatur Project (1 MT), Illinois 
ICCS (5 MT), the Citronelle Project (0.1 
MT), and the Michigan Basin Niagaran 
Pinnacle Reef Trend Project (0.14 MT). 
A significant column of remaining CO2 

storage is by EOR operations.

Y Y

1.3 Enhanced Oil Recovery using CO2 Injection

Data from reservoir analysis of the Prudhoe Bay Unit show that about 0.3 pore volume (PV) of oil 

is produced after natural depletion and water flooding mechanisms. In Prudhoe Bay, Alaska, and 

over 124 different projects in the USA and Canada in 2010 (Andrei et al. 2010), associated gas 

produced alongside oil is reinjected into the reservoir to recover part of the oil left behind.
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According to Bondor (1992), the remaining oil is trapped by capillary forces, surrounded by water 

or gas occupying the larger pores. Injection of the miscible fluid with reservoir oil reduces 

interfacial tension and facilitates trapped oil flow.

In other regions such as the North Sea and Nigeria, the associated gas from oil produced is sold 

for a profit as sales gas. CO2 gas is used as an alternative for both miscible and immiscible 

displacement of oil. Compared to other tertiary recovery methods, CO2 Injection in its supercritical 

state can enter zones not previously contacted by water, consequently displacing trapped oil. 

Another vital benefit of CO2-EOR is the potential to remain stored underground.

Miscible displacement of CO2 in reservoirs occurs in depths greater than 3,937ft and an oil density 

greater than 22oAPI (Andrei et al. 2010). CO2 thoroughly mixes with the oil in the reservoir, 

reduces interfacial tension to form a low viscosity hydrocarbon mixture with an additional 

recovery of between 4 to 12%

In reservoirs where the pressure is lower than the minimum miscibility pressure (MMP), and the 

oil density is too high, the injected CO2 does not mix with the reservoir's oil. CO2 swells the oil, 

reduces the viscosity, improves mobility, and as a result, increases oil recovery. Additional 

recovery can be as high as 18% (Taber et al. 1997).

1.4 Objectives

The focus of this research centers on studying the phase behavior of viscous oil from the Orion 
oil pool of the PBU, as well as achieving the following milestones along the way:

1. Update scholarship on current CO2 sequestration study and activity on the ANS.

2. Develop a tuned Equation of State model (EOS) which adequately predicts phase behavior 

in the Orion satellite oil field development.

3. Compare different literature theories on the relative permeability of reservoir liquids in the 

Orion PBU.

4. Perform reservoir scale compositional simulations to estimate carbon dioxide Enhanced 

Oil Recovery and sequestration.

5. Estimate the capacity of CO2 storage in the Orion oil pool.

6. Perform economic sensitivity analysis of the EOR process.
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Chapter 2: Literature Review

2.1 Geology of Alaska

Alaska has been described as a jigsaw puzzle placed together over epochs of time as tectonic plates 

collide with each other (Alaska Department of Natural Resources 2018). Alaska is located between 

the arctic margins and the Cordilleran Orogenic Belt of western North America, which formed due 

to deformations involving oceanic plates, strike-slip faults, and subduction zones (Moore and Box, 

2016). Metamorphic rocks, deformed under significant heat and pressure, create much of Alaska's 

bedrock. Faults spatially separate these older metamorphic rocks, many of which are recently 

active and responsible for earthquakes and volcanoes can be classified into three groups: 

Metamorphosed continental margin rocks, metamorphosed marine, and marginal sedimentary 

rocks, and finally, the variably metamorphosed arc-related volcanic, oceanic, sedimentary and 

plutonic rocks of south-central and south-east Alaska (Alaska Department of Natural Resources, 

2018).

Prominent tectonic features such as Subduction zones form along most of the Earth's convergent 

plate boundaries and are responsible for large-scale cycling of crust and fluid into the mantle. 

Evidence for petroleum generation is widespread in subduction-related basins, i.e., oil and gas 

seeps, hydrocarbon shows in petroleum exploration wells. Figure 2.1 shows the tectonically active 

regions that present evidence of forming favorable structural traps, folding, and faults beneficial 

for hydrocarbon accumulation. It is imperative to note that while the intensity of present-day 

tectonic events is abundant in the south of Alaska, most of the hydrocarbon accumulations are in 

the North Slope. A synoptic view of Alaska and Western Canada's neotectonics provides evidence 

of the relative motion between North America, Pacific, and Bering plates, which may be the source 

for many modern deformations, including basins and rifts, observed in Alaska ( Finzel et al. 2011). 

Alaska has been prolific with significant mineral and hydrocarbon resources primarily due to its 

dynamic tectonism. The North American plate houses the Cook Inlet Basin, the Nenana Basin, and 

the North Slope Basin, classified as a significant play for hydrocarbons in North America (Van 

Kooten et al. 2016).
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Figure 2.1 Overall geological setting in Alaska showing active and potentially active fault lines with real
time earthquake activity in a 30-day interval, data from (USGS, 2021).

2.1.1 North Slope Sedimentary Basin

At the north of Alaska, the North Slope sedimentary basin consists of two highly deformed 

Mississippian to earliest Cretaceous continental platform sequences and an overlying Quaternary 

successor basin sequence (Moore et al. 2015). The rock sequence contains the Endicott, Lisburne, 

Shublik, and Sadlerochit groups (Moore et al. 2015). A structural axis known as the east-plunging 

Barrow arch separates the foreland basin from the passive margin, where most oil and gas 

accumulations occur (Bird 1985). The North Slope aerially ranges from the northern slopes of the 

Brooks Mountain Range to the Arctic foothills (McNeal et al. 2017). The Brooks Range consists 

of rugged, linear mountain ranges at heights of 9,900 ft eastward but decreases gradually towards 
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the west (Moore and Box 2016). The arctic foothills cover the marshy Arctic coastal plain and 

move progressively towards the arctic ocean (Moore et al. 2015). The Shublik, Kingak Shale, 

Pebble Shale Unit, and Torok formations have been shown through preliminary evaluation as the 

source rock of North Slope and are underlain by the west-trending Colville Basin (Bird 1985; 

Moore and Box 2016).

2.1.2 Nenana Basin

The basin is located in the interior of Alaska. It is filled with Cenozoic strata, including marine 

fluvial and lacustrine deposits of the Eocene to Miocene Usibelli Group, extending to depths of 

25,000 ft to 30,000 ft. Coal intersperses the Usibelli Group, which is mined at the nearby town in 

Healy (Van Kooten, Richer, and Zippi 2016). The Nenana Basin primarily contains the Pliocene 

Nenana Formation and the Miocene Usibelli Group. The Pliocene Nenana group comprises 

sandstone and claystone with interspersed shale, while the Miocene Usibelli Group comprises 

sandstone and conglomerate deposited in an alluvial system (Frost et al. 2002).

Gravity modeling of the Nenana Basin area suggests that the most promising petroleum 

exploration area is a prominent 25 mGal iso-static gravity low north of Nenana. This location 

corresponds to the deepest part of the sedimentary basin (Frost et al. 2002). Low gas saturated 

sandstone reservoirs have been recently explored within the Minto-Nenana Basin. The Nenana 

Basin is estimated to hold between 150 billion to 180 billion cubic feet of natural gas (DeMarban 

2017).

2.1.3 Cook Inlet Basin

The Cook Inlet Basin, located in the south of Alaska, is famous for hosting Alaska's first 

commercial oil discovery in 1957, the Swanson River Field. The basin is characterized by tidal, 

alluvial, and glacial-fed deposition along the pacific plate between Kenai and Chugach mountains 

(Swenson 1997; Haeussler and Saltus 2011). The Cook Inlet comprises Cenozoic and Tertiary 

formations, including the Sterling, Beluga, and Tyonek formations housing gas accumulations, 

and Tyonek, Hemlock, and West Foreland formations housing oil (Swenson 1997). The Cook Inlet 

Basin folds into an anticline running from the northeast, dipping at an angle towards the southwest, 

mainly due to proximity to the plate boundaries (Bruhn and Haeussler 2006). Over a 200-million- 
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year period, subduction and associated arc magmatism have been responsible for deformations in 

this basin (Fisher and Byrne 1987). The Cook Inlet Basin consists of more than 18 km of Jurassic 

to Cenozoic deposits (LePain et al. 2009). Nonmarine deposits dominate the Cenozoic Fill and are 

separated from the underlying Mesozoic units by a regional unconformity. These deposits are 

related to a spreading center's subduction during the latest Cretaceous-Paleocene time (Finzel E.S. 

and Enkelmann 2017; LePain et al. 2009). Production from the Cook Inlet Basin peaked at 230,000 

barrels per day (BPD) in 1970, fell to 8,900 BPD in the 2010 fiscal year, but rebounded to 15,000 

BPD in 2016 after tax policy reforms (Alaska Department of Revenue 2018). Table 2.1 through 

Table 2.4 present a brief overview of the lithology, reservoir, and fluid properties of the major oil 

fields in some sedimentary oil pools of Alaska.
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Table 2.1 Lithology, Rock and Fluid Properties of Colville River to Granite Point Oil Pool.

Reservoir Formation Properties Oil Properties
Oil

Pool/Fiel 
d

Refere 
nce

Datum 
-ft

Formation Lithology 0,% k - 
mD

Swi,

%
Pi, 
psi

T, 
°F

μo 

cp °AP
I

Badami
Pool

10 ,500 This pool consists 
mainly of separate 
turbidite sandstone 
reservoirs from the 
Tertiary-aged Canning 
Formation. The 
sandstone reservoir was 
deposited within mud- 
dominated submarine 
fan systems (Bredar, 
1997).

18 1
400

1.5
9.6

6,300 180 30.5

C
ol

vi
lle

 R
iv

er

Alpine 7,000 The reservoir is found in 
the Jurassic-aged Kingak 
Formation within the 
Colville Delta area 
(Hudson et al. 2006). It 
consists of shallow 
marine, very fine to 
medium-grained, quartz
rich sandstone deposits. 
The reservoir is 
underlain by silty shale 
assigned to the Jurassic 
Miluveach Formation 
(AOGCC, 2020).

15
23

1
160

12
30

3,537 160 0.5
4

40.0

Fiord 6,850 11.5
24

5
100

0

20
60

3,150 165 0.9
7

29

Nanuq 6,150 17 2.5 32 2,600 135 0.5 40

Qannik 4,000 21 13.0 35 1,850 89 2.0 29

En
di

co
tt

Eider 9,700 The upper confinement 
is by the Kayak Shale- 
Itkilariak Formation and 
in the lower portion by a 
Cretaceous 
unconformity. 
Lithostratigraphic zone 1 
comprises shale, coal, 
and siltstone. Zone 2- 
medium-grained 
sandstone. Zone 3- fine- 
to medium-grained 
sandstone in stacked 
point-bar channels 
(Adamson et al. 1991).

21 134 35 1,380 206 1.5
6

25

Endicot 
t Oil

10,000 21 150
0

9 4,397 218 1.0
9

23.5

Ivishak
Oil

10,000 21.6 600 34 3,699 212 1.5
6

22

Hansen 6,800 12.0 17 47 2,582 135 3.5 24
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Table 2.1 Contd. Lithology, Rock and Fluid Properties of Colville River to Granite Point Oil Pool.
G

ra
ni

te
 P

t.
Hemlock 10,500 The productive 

sandstone and 
conglomerate layers 
within the pool are 
found in the lower 
Tyonek. These layers 
were deposited in 
braided streams 
during the Oligocene 
to Miocene (Stewart 
and Logan, 1993; 
McKay, 1981).

6.6% 0.5 55.0% 5,500 185 0.53 41

Middle
Kenai

Oil Pool

8,780 14.0% 10 39.9% 2,620 174 0.31 41

Hansen 6,800 12.0% 17 47.0% 2,582 135 3.5 24

Table 2.2 Lithology, Rock, and Fluid Properties of Kuparuk to Milne Point Oil Pools.

Reservoir Formation Properties Oil Properties

Oil
Pool/Field

Reference.
Datum,ft.

Formation 
Lithology

0,% k mD Swi,

%
Pi, psi T, 

°F
μo

cP °AP 
I

K
up

ar
uk

 R
iv

er

Kuparuk 
Riv Oil

6,200 After Prudhoe 
Bay, the Kuparuk 
River Field is the 
second largest in 
Alaska, located on 
the Arctic Slope 
approximately 30 
miles west of 
Prudhoe Bay. The 
oil field is a 
sequence of clastic 
sediments 
deposited on a 
shallow marine 
shelf during the 
Early Cretaceous 
time. The 
Formation is 
divided into the 
Lower Member 
(units A and B) 
and the Upper 
Member (units C 
and D). Units A 
and C are the 
leading oil-bearing 
intervals (Eggert, 
1987; Paris and 
Masterson, 1985).

20.5 150 35 3,106 160 2.2 23

Meltwater
Oil

5,400 20 10 40 2,300 140 0.75 36

Tabasco
Oil

6,107 22 5,500 21 1,250 71 251 16.5

Tarn Oil 6,747 20 10 40 2,430 142 0.55 37

Torok Oil 5,000 21.5 46.8 57.
5

1,995 140 2.5 26.5

West Sak
Oil

10,290 30.0 1,007 30 1,600 75 42 19
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Table 2.2 Contd. Lithology, Rock, and Fluid Properties of Kuparuk to Milne Point Oil Pools.

Oil 
Pool/Field

Reference.
Datum,ft.

Formation 
Lithology

0,% k 
mD

Swi,% Pi, 
psi

T, 
°F

μo cp
°API

M
cA

rt
hu

r R
iv

er

Hemlock
Oil

10,227 This field is 
located offshore 
Cook Inlet, 
approximately 64 
air miles 
southwest of 
Anchorage and 
24 air miles 
northwest of 
Kenai. The 
Formation is 
mainly made of 
conglomerate 
sandstone. Three 
oil-producing 
formations are 
located in the 
Tertiary and one 
in the Mesozoic. 
(AAPG 1970; 
AOGCC 2020).

10.5 53 35 3,600 180 1.19 33.1

Midkenai
G Oil

10,227 18.1 65 35 2,525 174 1.09 34

Undefined
Oil

10,227 4.9 6.3 34 7,000 195 1.13 33

W
Foreland

Oil

9,650 15.7 102 35 4,000 183 1.497 30.3

M
iln

e P
oi

nt

Kuparuk 
River Oil

7,000 The reservoir is 
divided into four 
informal units 
(A, B, C, and D 
in ascending 
order). Unit A is 
composed mainly 
of fine-grained 
sandstone, Unit 
B- interlaminated 
siltstone, and 
sandstone. Unit 
C- medium
grained 
sandstone, with 
the overlying 
Unit D consisting 
of shale (Alaska 
Oil and Gas 
Conservation 
Commission, 
2002; BP, 2003).

21.0 40 25 2,900 155 3.2 23

Sag River
Oil

8,750 17.0 2 40 3,268 175 0.3 38

Schrader
Bluff Oil

4,000 29.0 1,500 35 2,439 226 80 14

Ugnu
Undefined

Oil

3,500 33.0 2,500 20 1,539 80 1753 13.1
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Table 2.3 Lithology, Rock, and Fluid Properties of Oooguruk Pool through Prudhoe Bay Oil Pool.

Reservoir Formation Properties Oil Properties

Oil
Pool/Field

Reference.
Datum(ft.)

Formation
Lithology

0, % k 
(mD)

Swi,

%
Pi, 
psi

T,
°F

μo cp °API

O
oo

gu
ru

k

Nuiqsut 6,350 The Oooguruk 
field consists of 
Neocomian, 
transgressive 
sediments 
deposited within a 
marine shelf and 
shoreface 
environment, 
overlaying the 
Lower Cretaceous 
Unconformity. It 
mainly comprises 
bioturbated 
sandstones, 
siltstones, and 
mudstones 
(AOGCC 2010; 
Offshore- 
Technology.com, 
n.d.).

2 -
20

3.1 30 2,995 160 4.5 19

Kuparuk 6,050 13 -
32

50 30 2,500 160 2 23

Torok 500 19 4 52 2,250 135 3 24

Pr
ud

ho
e B

ay

North 
Star Oil

11,100

The Prudhoe Bay 
field encompasses 
the Sag River, 
Shublik, and 
Ivishak formations. 
Sag River consists 
of a lower 
sandstone member 
and an upper shale 
member; the 
Shublik Formation 
consists of organic 
and phosphate-rich 
sandstone, muddy 
sandstone, 
mudstone, silty 
limestone, and 
limestone.

15 366 54 5,305 254 0.14

North
Star,

Kuparuk
C

9,000 20 220 29 2,865 197 0.012

Aurora
Oil

6,700 18 44 45 3,016 150 0.72 29.1

Borealis
Oil

6,600 18 22 44 3,075 158 2.97 24.1

Lisburne
Oil

8,900 10 1 30 2,990 183 0.9 27

Midnight 
Sun Oil

8,050 21 540 18 3,439 160 1.68 27

Prudhoe 
Bay Oil

9,245 20 265 40 3,610 206 0.425 32.5

Niakuk
Oil

9,200 20 500 28 4,094 187 0.94 25

Polaris
Oil

5,000 26 78 54 1,925 98 8 18.2

Prudhoe
Oil

8,800 22 265 30 3,360 200 0.81 28
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Table 2.3 Contd. Lithology, Rock, and Fluid Properties of Oooguruk Pool through Prudhoe Bay Oil Pool.

Oil
Pool/
Field

Reference.
Datum(ft.)

Formation Lithology ø,
%

k
mD

Swi, 

%
Pi, psi T, °F μo cp

°AP 
I

Pt
Mcintyre

Oil

8,800 The principal oil
bearing formation is the 
Permo-Triassic Ivishak 
Formation (Jones and 
Speers, 1976). It 
consists of sand and 
conglomerate and lies 
within the Sadlerochit 
Group. The formation 
base is made up of 
claystone and shale, 
which grade upward 
into interbedded fine
grained sandstone. 
Overgrowths of silica 
cement represent the 
most crucial diagenetic 
factor limiting porosity 
across the field 
(Parrish, Whalen, and 
Hulm, 2001).

22 200 15 3,867 180 0.9 27

Put River
Oil

8,100 19 173 46 4,297 182 1.84 26.9

Raven
Oil

9,850 20 265 30 4,210 207 0.4 32

Schrader 
Bluff Oil

4,400 28 220 47 1,763 87 11.2 18.7

W Beach 
Oil

8,800 11 37 58 3,609 175 1.08 25.7

Table 2.4 Lithology, Rock, and Fluid Properties of the Trading Bay Oil Pool.

Reservoir Formation Properties Oil Properties

Oil
Pool/Field

Refere 
nce. 
Datu 
m(ft.)

Formation Lithology 0

%

k 
mD

Swi, 

%
Pi, 
psi

T, 
°F

μo 

cp °AP 
I

Tr
ad

in
g 

Ba
y

G-
Ne_Hemlk 

-Ne Oil

4,400 The Trading Bay 
reservoir is located 
Offshore Cook Inlet in a 
slightly asymmetrical 
anticline. The lithology 
primarily consists of sand 
conglomerate. The main 
phase of structural 
development occurred in 
the Middle to Late 
Miocene as the Cook 
Inlet Basin underwent a 
period of increased 
transpression ( Hunter et 
al. 2011).

14 6.4 37 2,100 165 0.87 36

Hemlock
Oil

4,400 15 169 43 1,849 177 0.91 35

Mid Kenai
B Oil

4,400 24 85 36 985 104 8.1 23

Mid Kenai 
C Oil

4,400 20 69 34 1,900 111 4.1 26

Mid Kenai
D Oil

4,400 16 41 35 1,900 135 1.23 32

Mid Kenai 
E Oil

4,400 17 60 38 1,644 143 0.75 29

Undefined
Oil

4,400 21 85 40 1,310 90 8.1 23
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2.2 Reservoir Description

The Prudhoe Bay Unit of Alaska includes the Prudhoe Bay Field, the satellite fields, and the 

Greater Point McIntyre Area fields. The Prudhoe Bay Field has more than 800 active producing 

wells and ranks in the top 20 of oil field discoveries in the world, according to a ConocoPhillips 

Fact Sheet report in 2018. The Prudhoe Bay satellites comprise Aurora, Borealis, Midnight Sun, 

Orion, and Polaris field with an average net production of 7 MBOED in 2017. The Greater Point 

McIntyre Area (GPMA) comprises Point McIntyre, Niakuk, Raven, Lisburne, and North Prudhoe 

Bay satellite fields. In 2017 the GPMA netted an average production of 10 MBOED.

Figure 2.2 Greater Prudhoe Bay Area showing economic zones of interest adapted from March 2018 

ConocoPhillips fact sheet

Mull et al. (2003) describe the Schrader Bluff Formation, which houses the Prudhoe Bay Unit 

satellites of Aurora, Borealis, Midnight Sun, Orion, and Polaris field as seen in Figure 2.2, as a 

18



dominantly marine sandstone and shale formation, which is locally and variably tuffaceous. The 

Schrader Bluff O sands form the primary development area of the Orion oil pool, which was 

deposited 70 million years ago during the Late Cretaceous geologic period. The Orion sands are 

subdivided into six separate reservoir horizons, Nb sands, OA sand, OBa, OBb, OBc, and OBd 

sands, as the cross-section shown in Figure 2.3.

Figure 2.3 Generalized stratigraphic columns showing nomenclature of Cretaceous rocks by Chapman 
et al. (1964) and modified by Mull et al. (2003)
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Figure 2.4 Cross-section of the Schrader Bluff Formation adapted from McGuire, Redman, et al. (2005)

The oil accumulation in these sands was discovered by the Kuparuk State #1 exploratory well in 

1968 and confirmed by the Northwest Eileen 2-01 some 30 odd years later in 1998. AOGCC, 2020, 

conservation reports list the interval between 4,400 ft and 4,800 ft measured depth in PBU V-100, 

and 4,549 ft and 5,106 ft measured depth in PBU V-201 as zones with an accumulation of 

hydrocarbons. The Orion oil pool has been producing continuously since April 2002 from the PBU 

V and L-Pads. In June 2004, two additional L-Pad wells were brought online, allowing oil 

production to peak in June 2007 at 14,460 BOPD. Horizontal well technology has been employed 

extensively, with 15 lateral well branches feeding five original wellbores located on the V-Pad. 

AOGCC production database, 2017, records that the V-Pad opens a total of 33,100 ft of reservoir 

sand to production. The L-Pad opens a total of 31,100 ft of reservoir sand to production.

The Schrader Bluff Formation, within which the Orion and Polaris satellite pool is located, consists 

of sands deposited in a series of several successive shallow marine shore-face. These deposited 

sediments are unconsolidated and display lateral facies changes and local diagenetic alterations. 

Reservoir quality sand units are locally characterized by substantial variations in thickness and 

net-to-gross sand ratio. Still, they are observed in multiple commercial horizons known as O-sands 

and N-sands. According to McGuire, Redman, et al. (2005), several O sand intervals within the 

reservoir quality sand intervals show an abrupt transition from lower net to gross coarsening 
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upward reservoir facies to high permeability blocky fining upward facies. The O-Sands are 

subdivided into two intervals- OA and OB- from shallowest to the deepest, as seen in Figure 2.4. 
OA sands are between 45 ft and 80 ft thick with interspersed low permeability sand formations. 

OB ranges in thickness from 220 ft to 300 ft. Reservoir property measurements are not publicly 

available. Still, reservoir sand porosity and permeability range from 25% to 30% and from 50 md 

to 250 md, in both OA and OB sands. The N-Sand interval ranges from 140 ft to 180 ft in thickness. 

It consists mainly of non-reservoir mudstone and siltstone interbedded with a limited number of 

thin but generally extensive, unconsolidated reservoir sands. It is interesting to note that one-third 

of Schrader Bluff oil in place is found in the OA-sand.

Of the 12 billion barrels of oil in place in Alaska's North slope viscous oil resources, 2.5 billion is 

being developed with water flooding (Garg et al. 2018). One hundred fifty million barrels of oil 

have been produced to date, with an estimated ultimate recovery factor averaging 17% at 0.75 

Hydrocarbon Pore Volume Injected (HCPVI) over 35 years. Large residual oil makes Alaska 

viscous oil an attractive option for the application of enhanced oil recovery methods.

Alaska's viscous oil resources have been waterflooded for 35 years, with critical challenges being 

well spacing and operational practices that limit HCPVI. Risks of rock failure through Matrix 

Bypass Events (MBE's) limit the potential of increased injection.

2.3 Significance of Studying the Phase Behavior

Reservoir specific challenges of oil recovery facing ANS include:

1. Potential of sand production, sand control, and handling in remote arctic environments

2. Proximity to permafrost and the technical challenges permafrost poses on applying EOR 

techniques such as thermal methods

3. High asphaltene content and low in-situ permeability (D.O. Ogbe, 2004)

4. Poor net-to-gross sand ratio.
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EOR techniques employed for improved recovery in Alaska's North Slope region are centered on 

overcoming these challenges. Table 2.5 presents an overview of EOR techniques investigated and 

actively employed in oil fields of the ANS region.

Table 2.5 EOR Techniques Studied in the ANS Region

EOR technique Status Reference
Polymer flooding Field experiment (Ning et al. 2019), (D. Wang, Li, 

and Seright 2020)
Solvent Based EOR Initially purely experimental, but 

operators such as BP have 
successfully applied solvent
based EOR techniques in Alaska.

(Ogbe, David, and Zhu 2004)

Low Salinity oil recovery Laboratory studies (McGuire, Chatham, et al. 2005),
(S. B. Patil et al. 2008)

Miscible flooding and Viscosity 
Reducing WAG processes

Field performance evaluated in 
the Kuparuk reservoir, West Sak 
1-J EOR project.

(McGuire, Redman, et al. 2005)

Alkali-surfactant-polymer (ASP) 
flooding

Simulation studies (Ghorpade et al. 2016)

Microbial enhanced oil recovery Laboratory studies (Ghotekar, Dandekar, and Patil 
2007)

2.3.1 Polymer Flooding in Alaska

The first-ever polymer flood field pilot for EOR on heavy oils in ANS is performed by (Ning et 

al. 2019) with a field experiment to validate the use of an advanced polymer flooding technology 

to unlock vast heavy oil resources in Alaska North Slope (ANS). As an integrated process, the 

technique combined polymer flooding, low salinity water flooding, horizontal wells, and, if 

necessary, injection conformance control treatments. The pilot program acquired scientific 

knowledge and field performance data to optimize polymer flood design in the Schrader Bluff 

heavy oil reservoirs. The study focuses on the facility setup and polymer injection performance 

into the horizontal injectors. A partially hydrolyzed polyacrylamide (HPAM) polymer was 

selected, and the initial target viscosity was set at 45cp. The injection pressure was controlled 

below or slightly higher than fracture pressure to prevent fracture extension causing fast 

Breakthrough (BT). Step rate and pressure falloff tests indicate that injectivity in the short-term is 
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mostly controlled by fluid mobility deep in the reservoir and not in the vicinity of the wellbore. 

After nine months of observation from the onset of polymer injection, no polymer was observed 

in the production stream, which indicates polymer significantly delaying B.T. time which leads to 

increased sweep efficiency.

Polymer retention is a key parameter for a polymer flooding field trial in any heavy oil reservoir 

on ANS. Polymer retention was extensively studied using field core material and conditions, 

mainly because of the economic impact of the retention. HPAM retention was assessed using 

different lab measurements, including brine tracer, effluent viscosity, and total effluent organic 

carbon. Ning et al. (2019) noted these important findings: Using effluent viscosity measurements 

for polymer flood retention leads to overestimation unless nonlinear relation between polymer 

concentration and viscosity is used. Polymer degradation also leads to viscosity-based 

measurements to overestimate retention. Fine-grain particles less than 20μm strongly impact 

polymer retention values. The authors argued that there was greater polymer retention for higher 

Mw HPAM (18 MMg/mol) than lower Mw HPAM (10 to 12 MMg/mol). Field-based observations 

can underestimate polymer retention depending on when the tracer and polymer concentrations 

were measured and the assumptions about reservoir heterogeneity ( Wang et al. 2020).

2.3.2 Solvent-Based EOR in Alaska

Ogbe et al. (2004) performed numerical and experimental studies of the Vapor Extraction Process 

(VAPEX) in the West Sak and Ungu sands of Alaska North Slope. A numerical model was set up 

using analog data to simulate lab experiments of the VAPEX process to understand the 

mechanisms governing the process. Solvents considered for the VAPEX process include CO2 and 

gas mixtures.

Their work involved constructing and testing a novel, C.T. scanner-compatible experimental 

apparatus for probing vapor enhanced gravity drainage processes. Carbon dioxide was the injection 

gas at constant pressure and constant rate injection conditions.

Analysis of the experimental data suggested that 15% to 20% of the OOIP was recovered after 15 

years. Further investigation showed that although the saturation patterns observed throughout the 

entire process were uncorrelated, the vapor chamber showed gas segregation toward the top of the 
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pack according to gravity. It must be noted that Ogbe et al. (2004) work was purely heuristic, 

results of which showed potential for application in the field.

2.3.3 Low Salinity Waterflood in Alaska

Lab studies over many years suggest that oil recovery could be improved by injecting low salinity 

water (LoSalTM appears to be effective at salinity levels of 5000ppm TDS or less). In recent times, 

successful field trials have led to low salinity EOR as an important field-scale option. In single

well chemical tracer tests performed in Ivishak sandstone, Kuparuk, and Kekiktuk sandstones 

containing Endicott oil, waterflood residual saturations that were the subject of this study were 

substantially reduced by LoSal (that is, an increase in waterflood recovery of 8 to 19%). LoSal 

EOR improved oil recovery from 6% to 12% OOIP. The authors pointed out the similarity between 

LoSal and alkaline flooding mechanisms: generation of surfactants, wettability changes, and 

reduction in interfacial tension (IFT). An advantage of LoSal is the ease with which it can be 

conducted in harsh operating environments compared to other chemical EOR processes. This is 

because it does not require importing large volumes of chemicals and doesn't require difficult 

surface handling and mixing facilities (McGuire et al. 2005).

Patil et al. (2008) highlighted the effect rock lithology, oil chemistry, and brine salinity has on 

reservoir wetting state, which affects the displacement of oil from reservoir rock. Efficient and 

cost-effective oil recovery requires understanding the nature and optimal combination of the 

aforementioned interacting variables. Their study presented results from core flooding 

experiments to evaluate the potential of low sanity brine injection for EOR on ANS. Corefloods 

were conducted with varied brine salinity of 22k Total Dissolved Solids (TDS) to 55K TDS. They 

were also conducted using ultra-low salinity ANS lake water, which is considered a potential water 

source. The observed trend was a reduction in Sor of up to 20% and a slight increase in the Amott- 

Harvey wettability Index with a decrease in injected brine at Tres. The authors concluded their 

study, indicating that low salinity waterfloods could enhance oil recovery on ANS.

Further work by Seccombe et al. (2010) demonstrates that low salinity waterflood works 

effectively at inter-well distances with the same efficiency as corefloods and single-well tests. The 

inter-well field trial involved an injector and a producer 1,040 feet apart in a single reservoir zone 

at the Endicott Field in ANS. Changes in water cut and ionic composition were measured. Initially, 
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there was a pre-flooding process with produced saline water until 95% water-cut. Low salinity 

water injection proceeded after that, and the associated EOR response was detected in the producer 

after three months. The water cut was observed to drop from 95% to 92%. The timing of the water

cut drop coincided with the breakthrough of LoSal water production. The authors also observed 

that low salinity EOR timing and volume matched corefloods and simple well-test observed data. 

According to the authors, the tertiary reduced salinity waterflood was expected to drop residual Sor 

from 41% to 28%. The authors concluded that the inter-well field trial showed that the expected 

risks did not impact performance.

2.3.4 Viscosity Reducing EOR Studies in Alaska

The West Sak 1-J EOR project at Kuparuk was the first enriched gas Viscosity-Reducing WAG 

application on Alaska's heavy oils (McGuire, Redman, et al. 2005). The novel VR-WAG was 

developed for viscous oil reservoirs and under-saturated light oil reservoirs such as the Kuparuk 

reservoir of the Milne Point Unit. For viscous oil reservoirs, heavy components of the produced 

gas are stripped out and mixed with produced lean gas to manufacture a viscosity-reducing 

injectant. The authors observed a viscosity reduction of up to 90% and improved oil recovery of 

between 15% and 20%, verified by simulation results and actual field performance. In the VR- 

WAG of the under-saturated Kuparuk reservoir, the process reduced oil viscosity by 45% and 

improved oil recovery by about 6% OOIP.

Although horizontal drilling has unlocked production from viscous oil reservoirs, waterflood 

recoveries are poor, necessitating either thermal or miscible gas EOR processes. However, these 

processes come with their shortcoming. Thermal methods are not feasible in Alaskan wells due to 

thick permafrost, high well costs, and large well spacing. For Miscible gas EOR, miscibility is 

usually achieved by mixing lean gas with expensive NGL or overcoming the MMP in the case of 

miscible CO2 injection. In the former case, large volumes of NGL are required, which is 

impractical and uneconomical. McGuire, Redman, et al. (2005) suggest that based on reservoir 

conditions in Orion and other reservoirs in the Schrader Bluff Formation, which is a target for our 

study, overcoming MMP is not always feasible.
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2.3.5 Alkali-Surfactant-Polymer (ASP) in Alaska

Ghorpade et al. (2016) investigated the potential for Alkali-Surfactant-Polymer (ASP) flooding as 

an enhanced oil recovery method for the Alaska North Slope. The basic premise involves injecting 

Alkali into sandstone formations to generate in-situ surfactants, reduce interfacial tension, and 

injecting polymer to improve mobility ratio. The concentration of alkali, surfactant, and polymer 

employed depends on the reservoir rock and fluid properties. The authors attempted to evaluate 

the recovery factor for ASP flooding, the optimum alkali concentration, surfactant, and polymer 

for an Alaskan reservoir. Western North Slope 1 (WNS-1) reservoir was selected for the ASP 

process. Water was used as pre-flush, then ASP slug for three years, then water, and a second ASP 

slug followed by an extended waterflood. Recovery increased from 6% primary recovery to 45% 

secondary water flood and 51.12% ASP flooding.

2.3.6 Microbial EOR Experimental Studies in Alaska

Microbial Enhanced Oil Recovery was experimentally analyzed as a potential method for the 

Alaska North slope by Ghotekar et al. (2007). Microbes are present in many well environments 

and increase in the presence of specific nutrients. Proliferation results in various bioproducts 

(surfactants, carbon dioxide, acids, polymer, alcohol) that facilitate oil recovery by reducing 

interfacial tension. According to the authors, the nutrients studied by the authors consist of water, 

energy source, carbon source, electron acceptor, essential minerals, nitrogen source, and growth 

factor. According to Chisholm et al. (1990) bio-acids can change the structure of the carbonate 

rock by dissolving it and facilitating the connection of the pores. Carbon dioxide forces the oil out 

of the formation by dissolving and reducing the oil viscosity. Bio-polymers affect the mobility 

ratio between the displacing water and displaced oil.

2.4 Carbon Dioxide EOR

CO2 injection was first introduced on a commercial scale in 1972 on the Sacroc Field. Carbon 

dioxide is non-toxic, produced in large quantities, and tends to vaporize intermediate components. 
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Large production volume makes it an essential option for enhanced oil recovery. According to 

Merchant (2017), over 1.3 billion barrels of oil have been produced with 14,000 CO2 injection 

wells in 2017, which account for over 250,000 BOPD from over 17,000 production wells through 

4500 miles of pipeline. Chevron was the first to inject CO2 into the Sacroc Unit in the Permian 

Basin. Their CO2 injection project started in 1972, and they subsequently sold the unit in 1992 to 

Pennzoil. The unit went through a variety of owners; Devon in 1998 and Kinder Morgan in 2000. 

The result was a tertiary oil response growth from 9,600 BOPD to over 30,000 BOPD in 2017. In 

the 1980s, major oil companies reported expected tertiary recovery typically in 8% to 12% OOIP. 

The optimum slug size was projected to be 30% to 40% HCPV. In 1990, constant WAG was 

replaced with the improved tapered WAG operations, which increased tertiary recovery to 18% of 

Amoco's CO2 injection project in Wasson field's original oil in place.

CO2 flooding in sandstones is different from CO2 recovery from carbonate reefs, just as 

un-fractured reservoirs are different from fractured reservoirs (Merchant 2017). Tertiary recovery 

with CO2 has withstood four oil price adjustment periods, with prices dropping 45% in 1986 and 

2015. CO2 flooding as an EOR method has been successfully implemented for over forty-five 

years in Texas, Wyoming, Oklahoma, California, and Colorado, as a proven method to improve 

productivity and extend the life of reservoirs. This study attempts to investigate the potential of 

adding Alaska's North slope to the list.

Taber et al. (1997) suggested a classification for enhanced oil recovery by oil displacement. CO2 

removes trapped oil by reducing the viscosity of oil through dissolution or by overcoming 

interfacial tension. CO2 is rarely miscible at first contact but attains miscibility through a multiple

contact process that vaporizes or removes trapped oil by condensation. Experience shows that for 

oil viscosities 100 to 1,000 cp, CO2-EOR is usually achieved by swelling oil and subsequent 

decrease in the effective mobility ratio (Klins and Ali, 1982).

Studies by Srivastava et al. (1995) suggest that miscible CO2 injection results in higher recovery 

than immiscible options. Approximately 5 to 10 Mscf of CO2 is required to recover an additional 

barrel of stock tank oil by miscible CO2 displacement, according to (Stalkup 1983). Klins and Ali 

(1982) and Stalkup (1983) enumerate the advantages of CO2 injection into fields in Alaska, 

including high displacement efficiency in miscible CO2 flooding. Unlike methane, CO2 achieves 

miscibility at relatively low pressure. First-contact miscibility occurs when CO2 injected into a 
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reservoir for enhanced oil recovery mixes with reservoir oil in all proportions on the first contact. 

Stalkup (1983) discussed multiple-contact miscibility as an in-situ mass transfer of components 

between injected and reservoir fluids, and all compositions within the transition zone. The 

advantages of CO2 injection include its applicability over a broader range of crude oils, compared 

to hydrocarbon injection, its ability to achieve dynamic miscibility at lower pressure values than 

methane. Disadvantages include the capital-intensive nature of the CO2 injection project to capture 

from sources and transportation through pipelines. Poor sweep efficiency and gravity segregation 

are problematic in fields with stratigraphic peculiarities. Corrosion of pipelines is also a significant 

engineering and economic problem.

Holm (1987) suggested factors to consider while designing any CO2 -EOR project. Proximity to a 

CO2 source and the availability of infrastructure could affect the feasibility of CO2 -EOR projects. 

On the other hand, reservoir pressure, temperature, and oil composition affect the miscibility or 

immiscibility of CO2 injection. An optimized water-alternating-gas process is crucial to the 

efficient recovery of oil. The acidic nature of CO2 in water should be given due consideration to 

alleviate any future corrosion problems in the wells and topside facilities. Klins and Farouq Ali 

(1982) provided four categories into which the dominant displacement mechanisms fall. These 

include a low-pressure scenario, intermediate pressure and high-temperature scenario, 

intermediate pressure and low-temperature scenarios, and high-pressure scenarios. Table 2.6 

shows a detailed representation of the Klins and Farouq Ali (1982) study.
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Table 2.6 Dominant Displacement Mechanisms in Viscous Oil Fields Adapted from Klins and Ali, 
(1982)

Scenario Pressure 
(psia)

Temperature
0F

Result

Low pressure <1000 Observed in shallow, viscous oil fields, injected 
CO2 dissolved in the oil and subsequently swells, 
contributing to viscosity reduction.

Intermediate pressure 
and high-temperature 
scenario

1000 to
2000

>122 Both hydrocarbon vaporization and viscosity 
reduction due to swelling occur. (Klins and Farouq 
Ali 1982), observed this when Mead-Strawn oil 
swelled to 40% of its original volume on Injection 
of CO2 until 1400 psia, above which the oil phase 
started shrinking due to hydrocarbon extraction of 
CO2 -rich phase.

Intermediate pressure 
and low-temperature 
scenario

1000 to
2000

<122 Compared to the case above, oil swelling and the 
extraction of lower ends of the oil to form CO2 - 
rich liquid mixtures.

High-pressure 
scenario

2000 to
3000

Injected CO2 vaporizes copious volumes of 
viscous oil through multiple-contact miscibility

2.5 Water Alternating Gas (WAG) Review

Mobility control of injected gases into reservoirs has been a topic of great research for several 

years. Bernard et al. (1980) suggested using a surfactant to control the mobility of CO2 injection 

in reservoirs. As CO2 and surfactant are mixed in the right quantities in the reservoir, an emulsion 

is generated. This resultant emulsion has shown a tremendous capacity to reduce the mobility of 

CO2 injected into the reservoir, hence reducing the quantity of CO2 used. However, for CO2 

sequestration, our objective is to inject CO2 for EOR and store CO2 in reservoirs and contribute to 

alleviating the effects of greenhouse gas emissions in the atmosphere.

Rao (2003) investigated both miscible and immiscible gas displacement in laboratory experiments 

and found that low viscosity and high mobility of the injected gas, coupled with the heterogeneity 

of cores (and by extension, the reservoir), caused viscous fingering and channeling during the 

injection of the gas. As a consequence of fluids following the path of least resistance, early injected 

fluid breakthrough occurred, with poor sweep efficiency of the gas.

Availability and economic considerations affect whether miscible or immiscible drive should be 

applied in the WAG process. Several WAG injection projects using CO2 as the injectant, such as 

Mattoon in Illinois, Slaughter Sundown (SSU) in Texas, Neches in Texas, Lost Soldier Field in 
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Wyoming, and East Vacuum in New Mexico, employ repressurization to achieve miscibility 

before WAG is initiated.

Christensen et al. (2001) summarized WAG processes as the recovery of unswept zones, including 

attic and cellar oil, by exploiting the accumulation of water at the bottom of a reservoir and the 

segregation of gas to the top of the reservoir. They suggested that WAG injection combines better 

mobility control and a larger area for the injectant contact to reduce residual oil saturation. Of all 

the fields reviewed in their work, successful WAG injections improved oil recovery in the range 

of 5% to 10% of the oil initially in place. Of the field application of WAG injections, 33 projects 

have been applied in sandstone formations, 12 projects in dolomite, 6 in carbonate formations, and 

5 in limestone formations. The WAG ratio used in most projects is 1, with a slug size that varies 

from 0.1 to 3 of the pore volume.

L W Holm (1970) studied the potential of using foam to improve oil displacement in the presence 

of an injected gas. The investigation centered on gas and liquid flow through porous media in the 

presence of foam. The foam was not found to move as a body through the porous media but rather 

improve sweep efficiency of the fluid injection process in heterogeneous formations by selectively 

plugging high permeability channels.

Caudle and Dyes (1958) suggested a solution to the problem of poor sweep efficiency during gas 

injection in reservoirs. They studied the effects of injecting water slugs, alternating with gas slugs 

in core samples. This increased sweep efficiency of the injected fluids, as water slugs lower the 

gas mobility. G. C. Wang (1980) provided insights on whether or not the change in the sequence 

of injection of CO2 slug affect oil recovery. Results indicate that as long as the CO2 injected 

remains constant, the injection sequence has no significant effect on oil recovery.

Luo et al. (2018) addressed gas mobility control observations using a novel X-ray microfocus 

visualization of core-flood experiments. They decreased the apparent injected gas viscosity with a 

metastable foam, with dissolved surfactant in the liquid phase to stabilize gas diffusion in liquid. 

Results revealed that bedding orientation which influences saturation patterns and displacement 

front during WAG injection, does not facilitate fingering and early breakthrough when gas 

mobility control treatments are made.
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A five-spot pattern is the most popular onshore project with a fairly close well spacing for good 

control of field pressure and improved WAG injection performance. Judy Creek Field in the 

Northern Alberta WAG project achieved higher recovery by increasing the number of wells 

(Gunter and Herb 2013).

Ma and Youngren (1994) studied the performance of Immiscible WAG (IWAG) injection at the 

Kuparuk River Unit, North Slope. They found the process to be effective at managing produced 

gas from the field. The process is expected to improve oil recovery due to more efficient 

waterflooding in the presence of trapped gas. Lab data showed that trapped gas reduced water 

mobility by forcing water to displace oil from smaller pores. This mechanism resulted in lower 

residual oil saturation. Simulation results showed IWAG might provide an incremental oil 

production of about 1 to 3% of OIIP. Several years of operations revealed the benefits of IWAG, 

including higher production rates, reduced water handling costs, and better reservoir management.

2.6 Bottom-Hole Pressure and Inflow Performance of Oil Wells In Alaska.

Jahanbani and Shadizadeh (2009) documented that to optimize drawdown, low bottom hole 

pressures are advantageous. However, these bottom hole pressures are not feasible due to frictional 

losses and other pressure losses of fluid flow to the surface facilities. Gas lift is a common choice 

in offshore and arctic environments where reliability and the ease and accessibility of well 

intervention are held at a premium.

In the Alaska North Slope, 100% of active producers, which translates to 100 producers of the 

Alpine Operating Area, and 96%, which translates to 500 producers of the Kuparuk Operating 

Area, are gas lifted (Abel, 2019).

The operating points of a gas lift project follow the hypothetical trend shown in Figure 2.5. The 

addition of lift gas to the curve will shift the tubing curve down such that the fluid bottom-hole 

pressure can operate at a lower pressure. A threshold point exists beyond which gas lift becomes 

detrimental to oil recovery. Frictional pressure drop in the production tubing becomes greater than 

the reduction in gravitational pressure achieved by the reduction in bulk fluid density.
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Figure 2.5 Classic representation of the Inflow Performance Relationship (IPR) theory, adapted from 
(Abel 2019)

2.7 Simulation Review
Reservoir simulation employs material balance equations and equations of state as a predictive 

tool in reservoir engineering. Black oil models and compositional models are the basis of any 

reservoir simulator. A simulator based on black oil models simulates phase transfers with 

negligible dispersion. As the name suggests, a compositional model takes into consideration the 

fluid components of the oil and injection fluids. Compositionally dependent mechanisms such as 

vaporization, condensation, and oil swelling are integral to understanding when displacement 

mechanisms are influenced by a compositional dependence on viscosities and densities (Stalkup 

1983). Compositional simulators are limited to accurately model viscous fingering observed in 

CO2 flooding (Dandekar and Patil 2007). There is also a great deal of numerical dispersion causing 

erroneous predictions of the quantity of oil produced. In the compositional model simulation, many 

components are required for an accurate prediction of phase behavior. The water phase contains 

only water as a component. It is assumed not to be soluble in the hydrocarbon phase, which is a 

valid assumption because solubility in water is negligible. An obvious potential error is the effect 

CO2 dissolution in water has on the results of the simulation.
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Pressure and flow equations in the black oil model or the compositional model cannot be solved 

by analytical techniques but require numerical solutions to solve them. Domitrovic et al. (2004) 

reported that 3D seismic data acquired in 1998 of the Ivanic oil field in Croatia was used to build 

a full numerical simulation model. A black oil model was used to match the history of 40 years of 

production by changing the transmissibility of faults. The black oil model investigated the impact 

of the number and position of injection wells, the effect repressuring of the reservoir had on the 

predicted production profile, the effects of the number of slugs on CO2 injection, and finally, the 

recovery of oil after CO2 injection. The simulation was applied on 18 tertiary injection scenarios 

and subsequently compared to the base case of continued waterflooding. Sequestering a large 

volume of CO2 from the gas treatment plant in Molve, Croatia, was a welcome benefit to the 

project. Over 20 years, simulation results indicate a possibility of recovering more than 15.7 

MMSTB of incremental oil.

Klins and Ali (1982) presented results of a numerical model that compared findings of laboratory 

and field test observations indicating the range of conditions in which CO2 injection as an EOR 

agent can be effective. A three-phase flow simulator was employed for a variety of CO2 injection 

simulations. A black oil model was modified for CO2 displacement with features such as crude oil 

viscosity reduction, crude oil swelling, and carbon dioxide - water-soluble effects. The authors 

found that CO2 flooding performed better than natural depletion, inert gas flooding, or 

waterflooding for oil viscosities greater than 70 cp. It also became apparent that for oil viscosities 

equal to 100 cp and 1000 cp, oil recovery by CO2 flooding was dependent on initial oil saturation. 

It was observed that as oil saturation increased from 40% to 70%, there was a corresponding 

increase in oil recovery from 3% to 29%. Critical gas saturation was also another significant factor 

affecting ultimate oil recovery. As critical gas saturation varied from 0 to 10%, there was an 

increase in the recovery of viscous oil by about 27%.

Brush et al. (2000) described an immiscible CO2 flooding project in the Avile reservoir of the 

Puesto Hernandez Field in west-central Argentina. The objective was to determine whether the 

project made technical and economic sense. A five-component Peng-Robinson EOS was 

developed by a regression technique to match laboratory data, swelling, and viscosity data. The 

results found immiscible CO2 injection caused oil to swell by as much as 35% of its original 

volume and oil viscosity to reduce by a factor of 4. The authors ran laboratory fluid 
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characterizations, core floods, and pilot area compositional simulations to estimate potential 

incremental oil projections. The model was validated using a black oil formulation to match 30 

years of primary and waterflood recovery, which was then converted to a compositional 

formulation to model the complex mass transfer process between the CO2 and oil phases.

Bakshi et al. (1992) investigated cyclic CO2 simulation in the West Sak Field using a numerical 

three-phase simulator. The authors identified the parameters governing the CO2 simulation 

processes, including CO2 slug size injection per cycle, oil and gas saturation, number of cycles, 

and back pressure during production. The simulation shared parallels with a huff and puff system, 

where CO2 was injected into the well, followed by a shut-in or soak period for several days. During 

the shut-in period, the CO2 dissolves in the oil and subsequently reduces viscosity. This scenario 

is perfect for viscous oil reservoirs which do not support miscible displacement of the CO2 

flooding. After the shut-in period, the well is allowed to produce, and three-phase fluid is observed 

in the well containing viscous oil phase, free CO2 phase, and immobile water phase. The simulation 

reported oil production to be about three times the maximum oil production in wells where CO2 

injection was not performed.

2.8 CO2 Sequestration
CO2 released into the atmosphere from anthropogenic sources such as coal plants and oil refineries 

to natural sources such as permafrost is a major contributing factor to global warming. The 

objective of CO2 injection is to optimize the amount of CO2 injected and ensure that the injected 

CO2 remains safely stored in a geologic formation. As a result, design parameters and variables 

change for EOR purposes to sequestration purposes (Schembre-McCabe et al. 2007).

According to Aghbash and Ahmadi (2012), geological sequestration of carbon dioxide is the safest 

and most attractive option for long-term storage of CO2. This argument is mainly due to the well- 

understood mechanism of the sequestration process and the development of technology capable of 

handling sequestration projects. Techniques suggested for CO2 sequestration by Bachu (2000) 

include injection into deep saline aquifers, injection into salt caverns, injection into depleted oil 

and gas reservoirs, using CO2 as an EOR agent in mature oil fields, injection into mafic and 

ultramafic rocks, and CO2 injection into deep coal beds to recover methane.
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Factors that assess the reliability of geological sequestration include injectivity and containment 

as geological factors; and development plan and operational limitations as economic factors 

(Schembre-McCabe et al. 2007). Injectivity represents the storage capacity of a reservoir, and the 

ability and ease with which injected fluids can be placed into a geological formation. Injectivity 

can be considered as a key consideration for any economic evaluation of a CO2 project. CO2 

sequestration and containment reflect the ability of a formation to securely trap injected CO2 into 

the formation.

CO2 injected into reservoirs or aquifers displaces the free gaseous phase in the available pore space, 

and some fraction of CO2 dissolves into formation water. The solubility of the gas in water 

increases with an increase in pressure, while an increase in temperature and salinity decreases the 

solubility of the gas in the aqueous phase.

Shtepani (2006) discussed an approach to relate laboratory and modeling studies that precede 

compositional simulation and field pilot testing of carbon dioxide sequestration in depleted gas or 

condensate reservoirs. The importance of building an accurate EOS model and other critical factors 

in determining the effectiveness of a reservoir to store CO2 was studied. The results indicate that 

core length and injection rate can greatly affect the breakthrough and ultimate recovery but require 

further investigation. Shtepani (2006) also suggests results from experimental data that provide the 

framework for sensitivity analysis, using a commercial compositional simulator to evaluate the 

feasibility of CO2 sequestration in depleted gas or condensate reservoirs.

The capabilities of commercial reservoir simulators to predict the effects of CO2 injection in an 

aquifer and, by extension, a reservoir was studied by Meer (1996). The premise behind his study 

was to compare the simulation results with previous studies based on a user-defined equilibrium 

ratio and gas solution ratio approach. His work made it apparent that to improve simulation results, 

local grid refinements, displacement from tracking, and incorporating a function to describe the 

dependence of solubility on time and salt concentration should be included.
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Chapter 3: Methodology and Model Construction
3.1 Geological Model Development

In this study, the compositional model started by collecting rock property data, including porosity, 

permeability, water saturation, etc., from core analysis reports published by Alaska Oil and Gas 

Conservation Commission (AOGCC). Well logs and Stratigraphic Modified Lorenz (SML) plot 

of Orion reservoir was used to define the flow barriers (separated by impermeable shale layers) 

and define the different flow unit sand packages. Thirty-six layers are presented in Table 3.1 with 

their corresponding thickness, average permeability, and average porosity.

Table 3.1 Orion Sands Flow Units

Layer Number Sands Formation top, ft Net pay, 
ft

Porosity, 
fraction

Permeability, md

1

N
b 

Sa
nd

4,130 6 0.34 1,206
2 6 0.35 797
3 6 0.32 1,291
4 6 0.33 916
5 6 0.33 1,549
6 4,160 - 0.32 1,066
7 5 0.2 0.001
8

O
A

 S
an

d

4,285 5 0.32 233
9 5 0.32 138
10 5 0.29 459
11 5 0.28 85
12 5 0.3 422
13 5 0.3 55
14 5 0.32 108
15 10 0.2 0.001
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Table 3.1 Continued: Orion Flow Units

Layer
Number

Sands Formation top, 
ft

Net pay, 
ft

Porosity, Permeability, 
md

16

O
Ba

 S
an

d

4,330 10 0.27 139
17 10 0.25 138
18 10 0.25 51.5
19 15 0.26 92.5
20 15 0.25 149
21

O
Bb

 S
an

d 4,390 10 0.26 106
22 10 0.26 77.5
23 15 0.26 70.5
24 15 0.28 120.67
25

O
Bc

 S
an

d

4,440 10 0.26 80
26 10 0.28 147.5
27 10 0.25 99
28 10 0.27 55.5
29 5 0.27 35.5
30 5 0.26 15
31

O
Bd

 Sa
nd

4,490 5 0.25 166
32 5 0.28 196
33 5 0.27 62
34 5 0.25 145
35 5 0.27 136
36 10 0.26 38

Construction of the Model starts by representing the Orion pool with a cartesian model having 104 

grid blocks in the i direction and 54 grid blocks in the j direction. There were 202,176 grid blocks 

in the entire Model, with a 50 ft grid block size in the i direction and a 28 ft grid block size in the 

j direction, as seen in Figure 3.1. Figure 3.2 and Figure 3.3 presents the porosity distribution and 

permeability distribution of the simulation model. The Orion model extends across a thickness of 

395 ft from top to bottom.
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Figure 3.1 3D Model of simulation model schematic

Figure 3.3 Permeability distribution in the 
Model

Figure 3.2 Porosity distribution in the Orion Model
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The selected grid size captures property changes appropriately and prevents numerical dispersion. 

It is also large enough to decrease total grid numbers and consequently reduce simulation time. 

Initial water saturation was set equal to the irreducible water saturation of all layers. The porosity 

of each layer was collected from core analysis and populated using a normal random distribution 

function to determine the mean porosity values.

3.2 Relative Permeability

Work performed by Baker et al. (2015) used relative permeability correlations that incorporate 

hysteresis in gas, oil, and water relative permeability and the dependence of relative permeability 

on composition and gas/oil interfacial tension. According to Jerauld (1997), the interpretation of 

pore-level mechanisms that determine flow was the basis for choosing the functional forms to 

correlate the relative permeability data. The authors posit that the relative permeability models 

help design, optimize and analyze oil-displacement processes. The direct impact of relative 

permeability on estimating recovery is through fluid mobilities and fractional flows. Total fluid 

mobilities impact the resistance to fluid flow and subsequently the injectivity and overall timing 

of the process. It gives an idea of the severity of viscous fingering and channeling. Jerauld (1997) 

observes that the fractional flows impact producing water-oil ratio, producing GOR, breakthrough 

time, and ultimate and incremental recoveries.

This study proceeds by injecting CO2 for both EOR and storage purposes through trapping. 

Stripping of residual oil, swelling of oil by CO2 injection, and attainment of miscibility are 

essential mechanisms in fluid injectivity. Capillary number effects could play a role since IFT 

between oil and gas decreases as miscibility approaches.

Relative permeability values depend on several factors including, SOF, SH, W, PS, and N.

SOF = Saturation of phases

SH = Saturation history

W = Wettability

PS = Pore structure

N = Capillary number
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It becomes evident very quickly that experimental data alone cannot cover all scenarios to describe 

the relative permeability. Hence, a relative permeability model developed from the knowledge of 

the physical concept of fluid flow helps extend the applicability of experimental data and 

approximate the relative permeability behavior in simulations more efficiently.

3.2.1 Gas Trapping
Gas trapping influences the volume of CO2 sequestered in a reservoir during CO2 flooding. Gas 

trapping influences water injectivity and greatly affects the volume of CO2 injectant retained in 

the reservoir, and is unavailable for oil displacement. (Jerauld 1997). Gas trapping (Sgr) is 

calculated via the following equation:

Sgmax =maximum gas saturation that occurred at that location. Sgr(Sgt at Sgmax = 1) and b are 

empirically derived constants (b=1 best fits the Prudhoe Bay behavior). This equation's premise is 

based on the idea that the maximum gas saturation determines the volume of gas trapped in the 

multicycle process. According to Geffen et al. (1952) and Holmgren and Morse (1951), 

temperature and pressure do not affect the level of trapped gas.

3.2.2 Gas Relative Permeability
Jerauld (1997) describes the gas relative permeability as a parameter that estimates the propensity 

of gas to flow down layers with higher average permeability rather than efficiently sweeping the 

entire reservoir. This phenomenon is otherwise known as channeling.

Cg1 and cg2 = empirically developed constants

According to Jerauld (1997), data collected from several experiments in Prudhoe Bay indicate that 

no hysteresis occurs between imbibition and secondary drainage. Various authors have employed 

experimental methods to determine relative permeability in a litany of publications (Kozeny 1927; 

Carman 1937; Corey et al. 1956), and empirical methods for determining relative permeability are 

becoming more widely used. The general shape of relative permeability is as follows:
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Where A, B, n, and m are constants

The Kozeny-Carmen equation presented by Kozeny (1927) and further developed by Carman 

(1937) was one of the early attempts to express the permeability of a porous material as a function 

of the mean hydraulic radius of the channels through which the fluid flows and the respective path 

length.

Purcell presented an equation for estimating the permeability of porous media, which depends on 

the porosity and capillary pressure desaturation curve. Based on the work of Kozeny-Carmen and 

Purcell, several authors developed relations for the computation of relative permeability. The 

underlining assumption for their work was:

1. A porous medium consists of a bundle of capillaries to apply Darcy's and Poiseuille's 

equations in their derivation.

2. They also attempted to determine tortuosity empirically to obtain a close approximation.

Sm = Lowest oil saturation at which the gas phase is discontinuous.

SLR = Residual liquid saturation expressed as a fraction.

Oil relative permeabilities are less sensitive to stratification than gas relative permeability. The 

alternative simplest form of relative permeability is:
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Swi = Irreducible water saturation expressed as a fraction of pore volume. The following 

relationship shows the relation between relative permeabilities:

Corey exponent for consolidated rocks is 4, and unconsolidated grains and uniform through non

uniform pore size distribution is in the range of 3 to 3.5.

In this study, relative permeability data required for the Model was developed by comparing 

relative permeability correlations from Honarpour, Wyllie and Gardner, Corey and Brooks-Corey. 

Honarpour developed empirical correlations using data from oil and gas fields in the continental 

US, Alaska, Canada, Libya, Iran, Argentina, and the UAE. Our Model employed water wet 

correlation for sandstone as follows:
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Wyllie and Gardner empirical correlations in unconsolidated formations are represented by the 

following:

Oil-water relative permeabilities:

Corey's relative permeability correlations assume both wetting and non-wetting phase-relative 

permeability to be independent of the saturation of the other phases and require just a single suite 

of gas or oil-relative permeability data. The correlations suggested by Corey are as follows:

Corey (1954) combined his empirical expression for capillary pressure with predictions of a tube

bundle model to obtain the Brooks-Corey oil and gas relative permeability expressions:

43



The Brooks-Corey relative permeability correlation was selected as the relative permeability that 

describes the Orion oil sands because it closely mimics the expected relative behavior of the 

Schrader Bluff Formation. According to Brooks and Corey, λ is a function of pore size. λ is less 

than 2 for wide distributions and greater than 2 for narrow distributions. The Orion model is 

assumed to have a broader distribution of particle sizes, which means that λ ranges from 1.8 to 3.7.

Table 3.2 provides an overview of the important parameters used in comparing the relative 

permeability correlations:
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Table 3.2 Overview of Relative Permeability Parameters

Description Symbol Value

Residual liquid saturation Sliqr 0.6

Connate water saturation Swc 0.4

Residual oil saturation Sorw 0.3

Residual gas saturation Sorg 0.2

Connate gas saturation Sgc 0.03

Oil end-point relative permeability at Swc in oil-water rel. perm. plot Krow(Swc) 1

Water end-point relative permeability at Sorw in oil-water rel. perm. plot Krw(Sorw) 0.3

Gas end-point relative permeability at Sorg in gas-oil rel. perm. plot Krg(Sorg) 1

Oil end-point relative permeability at Sgc in gas-oil rel. perm. plot Krog(Sgc) 1

Average porosity Φ 0.28

Pore entry pressure Cwd(Pb) 5.7

Pore size distribution index from Standing (1974)

1/awd 2.5

awd 0.4

Corey water exp. nw 4

Corey oil exp. no 2

Pore-size distribution parameter in Corey functions λ 4

CMG Builder requires capillary pressure information to estimate transition zones of sand 

packages. However, reliable capillary pressure information for Orion sands was unavailable in the 

public domain. As a result, the effects of hysteresis and capillary pressure have been ignored. 

Figure 3.4 through Figure 3.9 show the smoothened Brooks-Corey relative permeability models 

for the Nb, OA, and OB sands.
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Figure 3.6 OA Sand oil-water relative permeability Figure 3.7 OA Sand gas-oil relative permeability
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Figure 3.9 OB Sand gas-oil relative 
permeability

Figure 3.8 OB Sand oil-water relative 
permeability

3.3 Fluid Characterization and EOS Development

In enhanced oil recovery projects, there is a continuous mass transfer between phases at reservoir 

conditions. It is impractical to experimentally evaluate the properties of reservoir fluids under all 

possible pressure, temperature, and composition conditions (Aghbash and Ahmadi 2012). The 

main principles behind the phase behavior of oil in CO2 injection are mass transfer and 

compositional change. An equation of state closely simulates the properties of fluids under 

different reservoir conditions. Coats and Smart (1986) and Abrishami et al. (1997) investigated 

the importance of tuning the equation of state (EOS) for the prediction of the phase behavior of 

complex processes using a compositional simulator.

Ali et al. (1994) proposed a model for fluid characterization of the Endicott field in Alaska by 

combining reservoir description data, PVT, and slim-tube data. The authors obtained EOS PVT 

simulated data, then validated by history matching data obtained from slim-tube experiments. 

Fluid characterization results are plugged into a compositional simulator to study the displacement 

of Endicott oil by Prudhoe Bay gas and CO2 and their mixture with other NGL.
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For compositional simulation, reservoir fluid characterization is imperative. Before compositional 

simulations begin, experimental studies such as H-C analyses, PVT measurement, and slim tube 

displacements are conducted to determine the phase behavior of solvent mixtures and the oil to be 

studied. This phase behavior is predicted using a modified EOS, and the EOS requires fluid 

composition as an input. Incremental oil recovery per pore volume of solvent injected and the 

effect of slug size and WAG ratio on incremental oil recovery were also assessed to determine the 

optimal solvent injection scheme. The authors employed the use of a two-step fluid 

characterization model.

The Peng Robinson equation of state was used as the base for developing the EOS of fluids from 

the Orion oil pool. Methods for building this fluid model were adapted from procedures proposed 

by Wang and Pope (2002), Al-Meshari and McCain (2005), and Khan et al. (1992). Compositional 

data, constant composition expansion (CCE), and differential liberation (DL) data were obtained 

from the AOGCC database and industry references and were characterized compositionally until 

C36+. At each time step in compositional reservoir simulation, the transport equation is applied to 

each component individually. A calculation for both the mole fractions and properties of each 

component is created in the fluid system. It is recommended that a minimum number of fluid 

components is used to characterize the fluid accurately. Fluids from the Orion oil field contain a 

negligible percentage of N2 in the sands studied. Henceforth this was omitted from the fluid 

composition to reduce computational time.

A series of regression cases were run using different PR-EOS regression parameters until an 

acceptable match between the experimental data and the regressed values from WinProp was 

achieved. The pseudo components' critical pressure, critical temperature, and molecular weight 

and binary interaction coefficients were used as regression parameters to match experimental data, 

including saturation pressure, single-stage flash data including oil density, gas-oil ratio, gas 

compressibility factor, formation volume factor, and gas specific gravity. Properties such as Gas 

Oil Ratio (GOR), Formation Volume Factor (FVF), Z-factor, and Compressibility are Volumetric 

and are strongly affected by the critical pressure and temperature of the components. Density is 

mass-dependent, but it is affected by a parameter called volume shift. Volume shift is an 

adjustment in the volume calculated by the EOS to improve liquid density predictions. Critical 
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properties, acentric factors, the molecular weight of plus fractions, along with the Omega A and 

Omega B parameters for methane, are used as regression parameters for PR-EOS tuning.

The LBC, Lohrenz et al. (1964), and Pedersen and Fredenslund (1987) model for viscosity 

prediction is used in WinProp for viscosity modeling. Dandekar (1994) suggests that the LBC class 

models provide accurate viscosity predictions for lighter oils but underpredict the viscosities of 

heavier oils. However, by tuning the mixing rules exponent parameter and polynomial coefficients, 

the shortcomings of LBC are overcome. The LBC method has shown great accuracy overall in 

predicting the viscosity of hydrocarbon mixtures if density data is available (Dandekar 1994). In 

light of this, the Lohrenz model was used to compute oil viscosity in this work. This method 

employs a correlation developed by Jossi et al. (1962) that uses critical density, which is the critical 

volume parameter, as a regression parameter to estimate the viscosity of our fluid. Regressions 

were run to match differential liberation experimental data. The general procedure for fluid 

characterization and the justification for altering theoretical EOS parameters is listed below:

1. Decide whether to split the plus fractions into extended fractions. In our work, 

compositional data obtained was from C1 to C36+, which didn't require us to split the plus 

fractions. Splitting becomes necessary to reduce characterization error, as any inherent 

errors in plus fraction property measurements will be eliminated.

2. Lump the heavier components into pseudo-components. At each timestep, the simulator 

applies the transport equations to each component individually and calculates each 

component's mole fractions and properties in the fluid system. Simulation run time 

increases exponentially with a large number of components. CO2, C1 to C6, were left as 

individual components, while C7 to C17, C18 to C30, C31 to C35, and C36+ were lumped as 

pseudo-components, consistent with industrial practice.

3. Employ the non-linear regression algorithm present in the commercial software package to 

match laboratory data. As a general rule, the laboratory tests are matched in the following 

order: saturation pressure, single-stage flash data, or separator test information- API 

gravity, GOR, and FVF.

i. The Binary Interaction Coefficient (BIC) is the parameter that most influences the 

saturation pressure. Critical properties of the components also affect the saturation 
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pressure of our fluid. The BIC is introduced to account for the molecular interaction 

between dissimilar molecules and is selected to match our EOS to experimental 

data.

ii. The critical pressure and critical temperature strongly affect the GOR, FVF, Z- 

factor and compressibility, which are volumetric properties. The density from 

which API gravity is estimated is also affected by the regression parameter called 

volume shift. The volume shift improves liquid density predictions by the EOS.

4. Match Constant Composition Expansion (CCE) and Differential Liberation (DL) 

experiments.

i. The critical temperature, critical pressure, molecular weights, and the Binary 

Interaction Coefficient are proven parameters that return excellent matches for the 

Constant Composition Expansion experiments.

ii. The Lohrenz et al. (1964) model developed by Jossi et al. (1962) computes the oil 

viscosity behavior. The viscosity regression parameters include the Mixing rule 

exponent parameter, polynomial coefficient (0-4), and critical volume for the 

pseudo-components.

It has been observed that at each time step in compositional reservoir simulation, the transport 

equation is applied to each component individually, developing an EOS for each of the Nb, OA, 

and OB sands significantly increase our run time. We also attempted to answer questions about 

how the geological model will simulate fluid mixing from each sand. Three equations of states 

were tuned to match experimental data obtained from the Orion oil pool. Table 3.3 through Table 

3.5 shows the changes in EOS parameters used in the EOS tuning, and the accuracy of tuning the 

EOS is presented in

. Unique EOS sets for the Nb sand matched experimental data with an average error of 3.14%, the 

unique EOS in the OA sand matched at an average error of 1.05%, and the third EOS in the OB 

sand matched the experimental data at an average error of 4.79%. The fourth singular EOS 

matched the Nb, OA, and OB sands' fluid behavior at an average error of 7.12%, 2.61%, and 

19.67%, respectively. Figure 3.8 compares the P-T diagrams of 3 EOS, and Figure 3.9 presents a 

visual comparison of the fluid characterization errors. The EOS is introduced into the Orion oil 
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pool geological model to predict the oil recovery factor, producing GOR and other relevant 

reservoir responses.

Table 3.3 Changes in EOS Parameters of Nb Sands

Pc, Psia Tc, R Acen 
t-ric 
Facto 
r

Volu 
me
Shift

Molecular Weight

Variable Befor
e

Afte 
r

Chang
e%

Befor
e

After Cha 
nge
%

After After Befor
e

Aft 
er

Chang
e, %

FC7 FC
17

19.84 20.0 0.01 694 697 - 0.59 0.10 185.8 180 0.03

FC18 C
30

12.90 13.1 0.02 813 816 - 0.90 0.28 311.7 294 0.06

FC31 C
35

9.46 9.7 0.02 891 894 - 1.13 0.27 421.2 421 -

FC36+ 5.54 6.3 0.14 1442 1110 0.23 1.43 0.41 850 738 0.13

Table 3.4 Changes in EOS Parameters of OA- OBa, OBb, OBc Sands

Pc, Psia Tc, R Acent 
-ric 
Facto 
r

Volu 
me 
Shift

Molecular Weight

Variable Befor
e

Aft 
er

Chang
e %

Befor
e

After Cha 
nge
%

After After Befo
re

Afte 
r

Chang
e %

FC7 FC
17

20.6 17.4 0.16 682.4 590 0.14 0.56 0.24 176.7 219 0.24

FC18 C
30

12.8 11.8 0.08 814.7 843 0.03 0.91 0.20 314.1 302 0.04

FC31 C
35

9.4 8.0 0.15 892.8 1003 0.12 1.14 0.21 424.2 407 0.04

FC36+ 9.6 10 0.04 1144 906 0.21 1.28 0.23 721.4 693 0.04
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Table 3.5 Changes in EOS Parameters of OBd

Pc, Psia Tc, R Acen 
t-ric 
Facto 
r

Volu 
me
Shift

Molecular Weight

Variable Befor
e

Aft 
er

Chang
e %

Befor
e

After Cha 
nge
%

After After Befor
e

After Chan 
ge %

FC7 FC
17

22.7 18.7 0.18 653.6 584 0.11 0.50 0.03 155.9 187.3 0.20

FC18 C
30

13 17.6 0.35 810 770 0.05 0.90 -0.04 308.3 246.6 0.20

FC31 C
35

9.39 9.4 - 892.7 892.7 - 1.14 0.27 424 424 -

FC36+ 8.20 7.5 0.09 1214 1471 0.21 1.38 0.34 941 703.3 0.25

Table 3.6 Accuracy of Fluid Characterization Approached Undertaken in this Study

Unique EOS Sets Singular EOS 
for different describing
sands different sands.

N
b S

an
d

Fluid Property
Experimental 

Data
Matched 

Data Error
Matched 

Data Error
Saturation Pressures, psia 1652 1608.9 2.6% 1648.6 0.2%

GOR 177 169.6 4.2% 190.8 7.8%

API 15.1 15.75 4.30% 17.97 19.01%
Liquid Viscosity at Sat. Press., 

cP 151.5 153.70 1.45% 149.3 1.45%
Liquid Density at Sat. Press., 

lb/ft3 57.6 56.25

Reservoir Temperature, F 91.4

Fluid Property
Experimental 

Data
Matched 

Data Error
Matched 

Data Error

O
A

 S
an

d

Saturation Pressures, psia 1510 1497.7 0.81% 1507.47 0.17%
GOR 180.6 179.95 0.36% 191.96 6.29%
API 16.7 16.67 0.18% 17.24 3.23%

Liquid Viscosity at Sat. Press., 
cP 122.5 125.97 2.83% 123.4 0.75%

Liquid Density at Sat. Press., 
lb/ft3 57.38 56.69

Reservoir Temperature, F 75
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Table 3.6 Contd. Accuracy of Fluid Characterization Approached Undertaken in this Study

Fluid Property
Experimental 

Data
Matched 

Data Error
Matched 

Data Error

O
B 

Sa
nd

Saturation Pressures, psia 1836 1835.3 0.04% 1776.02 3.27%
GOR 269 227.3 15.50% 265.41 1.33%
API 37.69 37.83 0.38% 11.41 69.73%

Liquid Viscosity at Sat. Press., 
cP 11 10.64 3.25% 10.56 3.96%

Liquid Density at Sat. Press., 
lb/ft3 56.84 56.84

Reservoir Temperature, F 91.7

Figure 3.10 shows the P-T diagram of all three oils in the same plot. Although the P-T of the Nb, 

OA, and OB sand behave differently over the range of pressures and temperatures studied, fluids 

behaved similarly for pressures lower than 2000 psi and temperatures less than 100 F. At an 

average initial pressure in the Orion reservoir of 1880 psi and temperature of 91 F, fluids from 

each sand behave similarly.

Figure 3.10 Phase behavior of fluid models used in the Orion oil pool simulation
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3.4 Production and Injection Options

The geological model is furnished with four producers and four injectors- a single injector and 

corresponding producer in the Nb sand, another injector and a corresponding producer in the OA 

sand. There are two injectors and two producers in the OB sand. One injector and producer 

combination are dedicated to the OBd sand, while the other injector and producer combination 

targets the OBa to OBc sands. The producing bottom hole pressure was kept at 1,000 psi. Each 

producer's maximum producing oil flow rate was set at 2,095 bbls per day- similar to the recently 

reported oil production rate from producing wells in the Orion oil field. Sensitivity analysis of the 

optimum minimum oil production rate for each well was performed and established to be 50 

bbls/day.

The injection pressure of each well was kept at 90% of the fracture pressure. Water injection rate 

reflected the maximum oil production rate of 2,095 bbls/day, which attempts to return a voidage 

replacement ratio of unity. The gas injection rate was estimated in proportion to the original oil in 

place of each section of the model. The OBa - OBc section injects the largest gas rate of 1.79 

MMscf/day. Table 3.7 presents an overview of the producer and injector well constraints.

Table 3.7 Overview of Injection and Production Constraints

Nb OA OBa - OBc OBd

Property Top Bottom Top Bottom Top Bottom Top Bottom

Reservoir Pressure, 
psia 1,801 1811 1,866 1,881 1,885 1,941 1,953 1,964

Formation Depth, ft 4,133 4157 4,288 4,325 4,345 4,478 4,483 4,510

Oil Density, lb/ft3 59 59 57 57 57 57 54 54

API Gravity 19 19 24 24 24 24 33 33

Fracture Pressure, psi 2,686 2702 2,787 2,811 2,824 2,910 2,914 2,932
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Table 3.7 Contd. Overview of Injection and Production Constraints

Injection Pressure, 
psia 2,432 2,671 2,765 2,785

Minimum Miscibility 
Pressure, psi 2,611 2,191 2,191 2,252

Oil Originally in 
Place,

M STB 9,233 9,651 20,660 6,786

Water Injection Rate, 
bbl/day 2,095 2,095 2,095 2,095

Gas Injection Rate, 
MMscf 0.80 0.80 1.79 0.59

Simulation runs were made for a “V” shape producer, with the injectors counter shaped in 

orientation as seen in Figure 3.11, traditional staggered line horizontal production and injection 

wells seen in Figure 3.12, and finally a spot injection pattern seen in Figure 3.13. In this study, 

injection and production wells were at the model's boundary, which is common in pattern study. 

Computational and numerical setbacks of the used simulator for CO2 EOR limited the analysis of 

CO2 flooding. Under the limiting constraints of this study, simulation runs could only be performed 

on the OBd sand to completion. Therefore, the main focus of this study is on this sand layer.
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Figure 3.11 V-shaped well trajectory Figure 3.12 Staggered line horizontal wells

Figure 3.13 5-spot pattern vertical well injection
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3.5 Economic Feasibility of CO2 Flooding and Sequestration

An economic feasibility analysis of the CO2-EOR and sequestration project was performed by 

employing a decline curve regression analysis to estimate optimistic and conservative forecasts. 

The decline curve regression analysis was done by populating annual oil production for each year 

from simulation results of each sand, fitting an appropriate decline curve, and using that to predict 

best-case and worst-case production. A cash flow model was subsequently developed for each 

sand by occasionally incorporating Alaska's Department of Natural Resources fiscal system. A 

holistic sensitivity analysis of key parameters was conducted to study the economic benefit of CO2 

sequestration in this field.

In developing the economic model, the yearly oil production rate from CO2 flooding of the 

simulation model was obtained. The production decline was fitted with power and exponential 

trends, with the power-decline model fitting the production data best. Sensitivity analyses were 

also performed for optimistic and conservative production decline. The yearly produced oil from 

CO2 flooding and the fitted decline trend (between exponential decline or power-law decline) that 

best describes the yearly oil production provides important parameters for the economic evaluation 

of the CO2-EOR and sequestration project. . The exponential decline trend fit the yearly oil decline 

of the OBd sand with an R2 value of 0.67, while the power-law decline trend fit the yearly oil 

production decline with an R2 value of 0.96. Figure 3.14 a and b present the yearly produced oil 

from CO2 flooding and the fitted power decline model to eliminate noise from production.

Exponential decline equation y = 175216e-02x E3.24

Power law decline equation y = 281775x-1∙118 E3.25
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Figure 3.14 a) Yearly oil production from all sectors in the Orion model b) Decline curve fitting 
for cash flow sensitivity analysis
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Table 3.8 presents parameters used in the economic model, which is grouped under Capital 

Expenditures, Operational Costs (OPEX), Fiscal Considerations, and Tax Credits. Economic 

parameters for Alaska were adapted from Alaska's Department of Natural Resources fiscal reports 

and economic model for North Slope (Umekwe 2018).

Yearly Net Cash Flow (NCF) was estimated as follows

NCF = GR + TC — QA — TAPSτ — ROY — PRODτ — CapEx — OpEx — InTax

Where:

GR = Gross Revenue

TC = Tax credits

QA = Quality Adjustments

TAPST = TAPS Tariffs

ROY = Royalties

PRODT = Production Tax

CapEx = Capital Expenditure

OpEx = Operational Expenditures

InTax = Income Tax
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Table 3.8 Cash Flow Parameters used in the Economic Model

Cashflow Model Parameters Cost Estimation
C

A
PE

x

Wells for (4 Producers) ($) 72,000,000

Wells (4 Injectors) $ 60,000,000

CO2 Compressor + installation $ 26,000,000

Abandonment Costs $/well 409,091

O
PE

x

Fixed $ Well/yr 300,000.00

Variable component/ year ($/BOE) 10

CO2 operating cost($/BOE) 11.6

CO2 recycling cost ($/US ton) 12

CO2 purchase and transport cost ($/US ton) 17.5

Fi
sc

al
 C

on
sid

er
at

io
ns

Rent ($/acre) 12

Royalty Rate 12.50%

North Slope Production tax rate on Production Tax Value 10%

Oil Price $ 80

Quality adjustment ($/bbl) 0.9

Inflation for PV adjustments 3%

Ta
x 

C
re

di
ts

Small Producer Credit (Upper bound) $MM 12

Non-GVR eligible production credit $/bbl 8

45Q tax credits per metric ton $35

45Q tax credits per short ton $32

GVR eligible Production credit $/bbl 5

Sensitivity analysis was performed to investigate the impact of the volatility of oil price, discount 

rate, decline coefficient, total OpEx, CO2 credits on NPV, etc. The minimum, maximum, mean, 

and standard deviation of the parameters used in the sensitivity analysis are provided in Table 3.9. 

Palisade's @RISK simulation software incorporated the distributions and performed the 

sensitivity analysis of the input variables. The Appendix provides results of the economic model 

for all other sectors of the Orion model.
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Table 3.9 Sensitivity Parameters for Economic Model

Parameter Distribution

Variable for sensitivity analysis Minimum Maximum Mean Std.
Deviation

Oil Price 30 90 55 11

Coefficient of Power Equation 197,260 338,161 267,710 31,506

Abandonment costs $MM/year of abandonment 0.3 0.5 0.4 0.03

CO2 Purchase and transport cost ($/Uston) 15 25 20 2.2

CO2 recycling costs ($/Uston) 8 15 11.5 1.6

Injector drilling and completion cost
($MM/well)

10 17 13.5 2.5

Producer drilling and completion cost 
($MM/well)

10 20 15 2.4

Well operational costs $(MM)/Year 0.2 0.5 0.35 0.1

Rent ($/acre) 10 50 30 8.9

CO2 Compressor installation cost ($MM) 22 32 27 2.3
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Chapter 4: Results and Discussion
4.1 Depletion

The simulation model has 36 layers and covers different sectors: Nb, OA, OBa-OBc, and OBd. 

The Nb and OA sands are separated by a thick unproductive sand layer, 120 ft thick. A 5ft thick 

shale layer separates the OA sand from the OB sand. The Nb, OA through OBc, and OBd have 

different oil properties, with OBd having the lowest oil viscosity among them. OBd is 

hydrodynamically separated from the other sublayers of the OB sand, therefore studied separately. 

After defining the simulation model's geological boundaries, each sector's fluid properties were 

introduced into the model, and the well trajectory, predominantly multilateral wells, for targeting 

the productive zones were also designed. Major design consideration for the location of each 

horizontal leg was the oil originally in place for each sector. Fluid injection and production 

constraints were finally placed on the injectors and producers in the model to optimize performance 

and mimic actual field behavior. Table 4.1 presents the constraints for the well trajectories in the 

Orion simulation model.
Table 4.1 Constraints for Well Trajectory

Nb OA OBa - OBc OBd

Property bottom bottom bottom bottom

Reservoir Pressure, psia 1,811 1,881 1,941 1,964

Formation Depth, ft 4,157 4,325 4,478 4,510

Oil Viscosity, cp 141 122 123 11.6

Fracture Pressure, psi 2,702 2,811 2910 2,932

Injection Pressure, psia 2,432 2,671 2,765 2,785
Oil Originally in Place, M STB 9,233 9,651 20,660 6,786
Water Injection Rate, bbl/day 2,095 2,095 2,095 2,095

Gas Injection Rate, MMscf 0.8 0.8 1.34 0.59

Depletion under the natural energy of the model proceeded from all producers to study the model's 

performance. Eight production wells depleted the simulation model for 40 years until 2060 from 

January 2020. Primary recovery of the model peaked at just over 3.3% of the OOIP as seen in 

Figure 4.1, and production from the entire field peaked at 17,000 bbl/day for a few days at the 

start of production (Figure 4.2). Production declined rapidly until the economic limit of 50 
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bbls/day by December 2028. This can be attributed to the viscous nature of the Nb, OA, and OBa- 

OBc sands. The presence of an aquifer has not been reported in the AOGCC database. Recovery 

factors observed in primary depletion of the Orion model necessitates the need for secondary and 

potentially tertiary methods of recovery.

Figure 4.1 Oil recovery factor during depletion
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Figure 4.2 Oil production rate during depletion



OBd sand performed the best under the depletion by the natural energy of the model, peaking at 

13% OOIP, and the OBa - OBc sands performed the worst with an oil recovery of about 1% OOIP. 

OA sand performed second best, peaking at 3.2%, and the Nb sand performed third best, peaking 

at a recovery of 2.4% OOIP. Figure 4.3 provides further information about the performance of the 

sections of the Orion model by providing the cumulative oil production of the reservoir model. 

The cumulative oil production from the Orion model from the natural energy of the reservoir peaks 

around 1.675 MM STB of oil.

Figure 4.3 Cumulative oil production during depletion

Table 4.2 summarizes each component's recovery affected by the mobility of each phase and the 

dissolution of light components in the oil phase. The recovery of the heavier pseudo components 

FC7_FC17, FC18_C30, FC31_C35, and C36+ is comparatively higher.
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Table 4.2 RF of Each Component During Depletion in Each Sector and the Whole Model

Components Field Nb OA OBa-OBc OBd

CO2 0.111% 0.030% 0.002% 0.002% 0.077%

CH4 0.039% 0.004% 0.007% 0.006% 0.021%

C2H6 0.124% 0.027% 0.013% 0.012% 0.072%

C3H8 0.310% 0.039% 0.047% 0.048% 0.177%

IC4toNC4 0.783% 0.042% 0.132% 0.135% 0.474%

IC5toNC5 1.939% 0.055% 0.299% 0.294% 1.291%

FC6 3.161% 0.177% 0.454% 0.426% 2.104%

FC7 FC17 4.716% 0.382% 0.700% 0.629% 3.004%

FC18 C30 3.487% 0.520% 0.772% 0.693% 1.503%

FC31 C35 3.250% 0.436% 0.836% 0.751% 1.227%

FC36+ 3.921% 0.562% 0.705% 0.633% 2.020%
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4.2 Waterflooding

McGuire et al. (2005) reported a waterflood oil recovery of 21% OOIP in the West Sak reservoir 

in the Schrader Bluff Formation after 30 years of water injection. In this study, the producing 

wells operate under a minimum oil rate of 50 STB/day and a water cut (WC) of 99%. Simulation 

results of waterflood in the Orion oil pool after 30 years is 29.2% of the OOIP. Oil recovery factor 

peaked at 32% OOIP after 1.65 PV of water injected, shown in Figure 4.4.

Figure 4.4 Waterflood oil recovery factor

Recovery from OBd sand peaked at 85% OOIP in the OBd sand after 1.65 PV of water was 

injected. Although recoveries like this are rare, depending on the formation rock and fluid 

properties and gravity drive effects, waterflood oil RF has been reported between 70% -86% OOIP 

(Smithson 2021; Muskat 1953). The calculation of the initial oil formation volume factor, Boi, was 

1.09 Rb/STB. Nb sand performed relatively better than the OA sand and OBa-OBc sands, even 

with higher viscosity of 151 cp than 122 cp in the OA and OBa- OBc sands because of the higher 

average permeability in the Nb sand. The Nb sand RF at 1.65 PV was 29.8% OOIP, and cumulative 

oil production of 2.92 MMbbls, as seen in Figure 4.5. OBa - OBc sands have a lower RF of 17.2% 

OOIP than OA sand of 29.7% because of the relative volumes (pore space available) of these sands 

since the average permeability is relatively similar. The thickness and subsequent OOIP influence 
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the cumulative recoveries of each sand. Hence the cumulative oil recovery of each sand Figure 

4.5 represents the recovery factors of the OOIP of that sand. Figure 4.6 shows oil production 

peaking in the reservoir at 8,000 bbl/day and declining rapidly until oil production of 100 barrels 

per day after 1.2 PV of water injected into the entire field. The oil production rate in each well is 

affected by the water injection pressure and rate. However, it was observed that the injection 

pressure played a more significant role in increasing oil production in the producer. At the 

beginning of the water injection process (which is the onset of oil production in this case), the 

maximum injection pressure constraint is violated for each sand's injector, causing the model to 

shift from water injection pressure to the injection rate constraint. As the injector pressure 

stabilizes to the constraint of 90% fracture pressure, somewhere around 0.08 PV of water injection, 

the injector constraints shift to the BHP. This shift subsequently causes oil recovery in the producer 

to increase.

Figure 4.5 Cumulative oil production vs. water PV injected
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Figure 4.6 Oil production rate vs. PV injected

Table 4.3 presents an overview of the recovery factor, the production life, and the cumulative 

water injection to produced oil ratio (WITPOR) ratio of the waterflood compared to water cut 

(WC).
Table 4.3 Waterflood WC Constraints Overview

Instantaneous WC, % Oil RF, % Life, years Cumulative WITOR

10 11.3 3.9 1.1

20 11.5 4.0 1.1

30 11.7 4.1 1.1

40 12.3 4.4 1.1

50 13.4 4.9 1.2

60 14.5 5.7 1.2

70 16.6 7.4 1.5

80 22.8 13.7 2.3

90 25.9 18.3 2.8

95 28.6 26.7 4.0

98 32.6 60.1 8.6
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4.3 CO2 Flooding

The performance of CO2 flooding was evaluated based on recovery factors, production life, and 

cumulative oil production from the reservoir model. CO2 is injected at 90% of the fracture pressure 

in each sand. Simulations for the miscibility of CO2 in the Nb, OA through OBc, and OBd sands 

were carried out in WinProp and found to occur at MMP of 2,611 psi, 2,191 psi and 2,252 psi, 

respectively. Miscibility is expected to occur in OA, OBa - OBc and OBd at CO2 injection 

pressures of 2,554 psi, 2,637 psi, and 2,673 psi, respectively. At a CO2 MMP of 2,611 psi in the 

Nb sand, miscibility does not clearly occur at the initial injection pressure of 2,471 psi. In this 

study, injection and production wells were at the boundary of the model, which is very common 

in pattern study. Computational and numerical setbacks of the used simulator for CO2 EOR limited 

the analysis of CO2 flooding. Under the limiting constraints of this study, simulation runs could 

only be performed on the OBd sand to completion. Several solutions for rectifying this problem 

include increasing the simulation's size or producing bottom-hole pressure. Expanding the model's 

size leads to numerical dispersion and requires high computational environments and significant 

time investments. Increasing the production BHP reduces the oil recovery factor and does not 

present an accurate reflection of the performance of the Orion oil pool.

Fluctuations in each sector's production profile are suspected as an indication of the numerical 

instability of the model. The model tries to satisfy two operating constraints, which are BHP and 

production rate. When either operating constraint is reached, the model numerically switches over 

to the other. The grid size selected was because of computational and grid block number 

limitations. Computational iterations repeatedly failed to converge. All these limitations result in 

numerical instability.

Due to time constraints in this study, CO2 injection and sequestration were focused on OBd sand. 

The well trajectory selected for gas injection in this study is the staggered line horizontal injection 

with the injector located at the top of the OBd sand and the producer located at the Bottom. The 

CO2 injection started at the initial condition of the model. The injection initially aimed to increase 

oil recovery to reach the economic limit of 50 STB/day and a producing GOR of 12,000 scf/day. 

Then production wells shut-in, and the gas injection continued to estimate the CO2 sequestration 
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capacity per acre/ft of the model when the average model pressure reached 90% of the fracturing 

pressure.

Figure 4.7 through Figure 4.9 show the model's well trajectory in the OBd sand, oil saturation 

distribution in the top of the layer, and oil saturation distribution in the bottom of the layer at the 

economic limit.

Figure 4.7 Well trajectory of CO2 flooding in the OB sand

Figure 4.8 Top view of layer 31 (top layer) in the OBd sand showing oil saturation distribution at the 
economic limit of 50 STB/day
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Figure 4.9 Top view of layer 36 (bottom layer) in the OBd sand showing oil saturation distribution at 
the economic limit of 50 STB/day

Figure 4.10 shows the model's average oil and gas saturation changes covering both EOR and 

sequestration periods. The high residual oil saturation present in the model after CO2 flooding 

suggests that different scenarios be investigated to study the potential of reducing the residual oil 

in the target zone. Miscible injection and CO2-WAG are other EOR techniques with the potential 

to decrease residual oil saturation.
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Figure 4.10 Oil and gas saturation distribution until 2034, the end of the enhanced oil recovery period.

Figure 4.11 shows the oil recovery factor coupled with the average reservoir pressure versus time 

in the OBd sand. Oil recovery from the OBd sand reaches the economic limit of 50 bbl/day and 

peaks at 12.2% OOIP at 2034 with a cumulative oil production of 834,000 bbls, as seen in Figure 

4.12. The average reservoir pressure declines from the initial pressure and stays sturdy at the 

producer BHP of 1,000 psi during the oil production phase. The increase in the average pressure 

starting at 2034 is the start of sequestration due to continuous CO2 injection after the shut-in of 

producers at the minimum production rate constraint. The maximum average reservoir pressure 

provides an estimation of the maximum volume of CO2 that can be sequestered.
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Figure 4.11 Oil recovery factor and average reservoir pressure of the OBd sand

Figure 4.12 Oil production rate and cumulative oil production vs. time in the OBd sand
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Figure 4.13 shows the behavior of CO2 flooding producing GOR and CO2 mass flow in the 

production stream. Production GOR increases consistently as production proceeds, and the 

reservoir pressure decreases below the bubble point. CO2 mass flow remains constant below 20 

lb/day until CO2 breakthrough into the producer. The mass flow rate increases exponentially to 

28,200 lb/day in October 2021, indicative of CO2 breakthrough at a GOR of 2,500 scf/day.

Figure 4.14 shows the oil mass rate in the producer during CO2 flooding. Pseudo component C36+ 

has the most significant cumulative production in the producer at the economic limit of 

50 STB/day. The oil mass rate in the producer decreases respectively from C7-C17 pseudo 

component, C18-C30 pseudo component, C31-C35, and finally C36+.

Figure 4.13 Gas Oil ratio and CO2 mass flow in the producer vs. time in the OBd sand
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Figure 4.14 Oil mass rate as observed in the producer

4.4 Enriched CO2 MI Injection

The production well operated until the minimum oil production rate of 50 STB/day. The potential 

for EOR using miscible injectants is studied using composition from Table 4.4. Miscible injection 

floods have been extensively studied in the greater Prudhoe Bay area, the basis of which the mole 

fraction of injectant composition was selected for this study.

Table 4.4 Mole Fraction of Composition of Miscible Injectant Adapted from (McGuire and Moritz Jr. 
1992)

CO2 0.4 0.6 0.8

CH4 0.2682 0.1788 0.0894

C2H6 0.159 0.106 0.053

C3H8 0.1728 0.1152 0.0576
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Composite plots of oil recovery factor, cumulative oil produced vs. time and saturation 

distributions were studied to make a comparative analysis. MI with 40% CO2 composition, which 

has the highest HC concentration, showed the best performance of about 16% OOIP recovery, 

followed by 60% CO2 MI injection at 14.2% OOIP recovery and the least performing 80% CO2 

MI injection at 13%, as seen in Figure 4.15.

Figure 4.15 Oil recovery factor comparison of 40%, 60%, 80% CO2 MI injection in the OBd sand

The cumulative production and average reservoir pressure at the economic limit of 50 STB/day 

showed a trend where 80% MI produced the least oil cumulatively, compared to 60% MI and 40% 

MI (Figure 4.16). Economic limit occurs earliest in 80% CO2 MI injection in December 2033 

when the average reservoir pressure increases and the cumulative oil production stays constant. 

60% CO2 MI injection experiences the economic limit in February 2035, while the economic limit 

in 40% CO2 injection occurs in November 2036. Injection of an injectant with higher HC 

component concentration or less CO2 concentration prolongs the life of producing well. Oil 

production versus time is provided in Figure 4.17.
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Figure 4.16 Cumulative MI injection and average bottom hole pressure vs. time

Figure 4.17 Oil production rate for three different gas injection compositions
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4.5 CO2 Sequestration

Estimations were made to quantify the volume of CO2 that can be stored after oil recovery under 

depletion, CO2 flooding, and finally enriched CO2 injection. 100% CO2 was injected through the 

injector and the producer after the economic limit was reached after depletion of the reservoir 

model. Equation E4.1 is used to estimate CO2 storage in the different sectors of the Orion model.

4.5.1 Depletion

Table 4.5 provides an overview of the storage capacity of the model after depletion. CO2 storage 

started after depletion of the model until the economic limit. The producers were converted to CO2 

injectors after depletion, bringing the total of injector wells to 8 in total with a combined injection 

rate of 4,720,000 scf/day. Injection proceeded for 35 years.

Table 4.5 CO2 Sequestration Volumes After Depletion

CO2 sequestration after depletion CO2 storage in Metric tons per acre-foot

Entire Model 6.38

Nb Sand 4.12

OA sand 0.49

OBa- OBc sands 1.50

OBd sand 0.28
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Figure 4.18 through Figure 4.22 provide the CO2 injection rates, cumulative CO2 injection rates, 

and the average reservoir pressure during the CO2 sequestration into the Nb, OA, OBa - OBc 

sands, and finally OBd sand. This information gives us an idea of when the CO2 injection volume 

is reached. The average reservoir pressure becomes constant, and no more gas can be injected into 

the formation.

Figure 4.18 CO2 gas injection rate and average pressure in the model vs. time
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Figure 4.19 CO2 gas injection in the Nb sand after depletion

Figure 4.20 CO2 gas injection in the OA sand after depletion
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Figure 4.21 CO2 gas injection in the OBa- OBc sands after depletion

Figure 4.22 CO2 gas injection in the OBd sand after depletion
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4.5.2 Sequestration after CO2 Injection and Enriched CO2 Injection

In CO2 storage estimation after pure CO2 flooding and enriched CO2 flooding, the volume of CO2 

sequestered during pure CO2 flooding was performed under two well trajectories and after 

injection of miscible enriched CO2 flooding (40% CO2, 60% CO2, and 80% enriched CO2 

injection). CO2 sequestration was estimated holistically by employing equation 4.1. Table 4.6 

gives an overview of the storage results. As expected, with CO2 cumulative recovery from the 

model, the highest RF is observed in the staggered line drive well trajectory compared to 

alternating V-shaped wells.
Table 4.6 Estimated CO2 Sequestration Volumes

RF in the 
OBd sand

Cumulative oil 
production in 
the Obd sand, 

bbls

Sequestration, 
Metric tons/acre- 

ft

Timeline of
CO2 

Injection

Waterflood 85.00% 4,608,930 - -
Pure CO2 injection 12.40% 834,089 1.6 40 years

Alternating V-shape wells 8.70% 587,338 0.65 40 years
40% CO2 Miscible Injection 16% 961,767 1.3 20 years

60% CO2 Miscible Injection 14.20% 865,587 1.24 16 years
80% CO2 Miscible Injection 13% 788,736 1.42 23 years
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4.6 Sensitivity Analysis
4.6.1 Relative Permeabilities

The effect of varying relative permeability endpoint on recovery factor and cumulative oil recovery 

is presented in Figure 4.23 through Figure 4.26. For the water-oil relative permeability curve, 

keeping the endpoint relative permeability of oil at connate water saturation (Krow) at a value of 1 

and varying the endpoint relative permeability of water (Krw) between 0.1 and 0.4 doesn't cause a 

significant change in recovery factor and cumulative oil production rate. As seen in Figure 4.23, 

the recovery factor changes from 31.15% to 31.75% OOIP, with corresponding cumulative oil 

production of 10.88 MM bbls to 11.07MM bbls. In Figure 4.24, at a Krow of 0.9 and a Krw between 

0.1 and 0.4, the oil recovery factor varies between 31.20% OOIP and 31.9% OOIP and a 

cumulative oil produced between 10.87 MM and 11.12 MM barrels of oil, respectively. Figures 

4.25 and 4.26 tell a similar story for Krow 0.8 and Krow 0.7.

Figure 4.23 Krw endpoint behavior at krow=1 Figure 4.24 Krw endpoint behavior at krow=0.9
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Figure 4.25 Krw endpoint behavior at krow=0.8 Figure 4.26 Krw endpoint behavior at krow=0.7

4.6.2 Skin Factor

The effect of the skin factor on oil recovery from the simulation model after waterflood is studied 

and presented in Figure 4.27. A skin factor of -2, indicative of a stimulated model, produces 

cumulative oil of 10.95 MM barrels at the economic limit of 50 bbls/day. A model with no skin 

produces cumulative oil of 10.9 MM barrels of oil. Cumulative oil production from the Orion 

model with a skin factor of 10 is reduced to 10.66 MM barrels of oil. A total difference in oil 

recovery of 0.4 MM barrels between a -2 skin factor and +10 skin factor suggests that recovery 

from the model is insensitive to the skin factor in the wellbore. This insensitivity can be attributed 

to the use of horizontal wells in the model. 5,000ft long horizontal wells present a significant 

surface area for the fluid to flow into the producer with little impact on the presence of skin.
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Figure 4.27 Skin factor sensitivity study

4.6.3 Operating Conditions -Minimum Oil Production Rate

Studies were performed for the minimum economic oil production in the reservoir by comparing 

the recovery factor, cumulative oil produced, the production life of the model, and the water 

injection to oil produced ratio (WIOR). Figure 4.28 and Figure 4.29 present a graphical 

representation of this study. At a minimum oil production rate in the well of 10 STB/day, the model 

produces the highest cumulative oil recovery of 11.34 MM barrels of oil and a relatively high oil 

recovery factor of 32.54% of the OOIP under waterflood for a production life of 59.3 years. At a 

minimum oil rate of 200 bbls/day, the cumulative oil is 8.1 MM barrels at an RF of 23.26% OOIP, 

for a shorter production life of 14.7 years. The minimum oil production rates of 200 and 10 

STB/day showed that by continuing production from 200 STB/day to 10 STB/day, the cumulative 

oil production increases by 40%. It also showed that the WIOR increases threefold from 3.14 to 

10.4. RF changes relatively less, and the production life appears to show a significant difference. 

The production life will be an essential criterion for choosing the optimum minimum production 

rate. At a minimum production rate between 20 STB/day and 100 STB/day, the RF changes by 
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14.4%, but the production life changes by 53%. This implies that our minimum production rate is 

sensitive to the production life. 50 STB/day is selected as the optimum producer flow rate because 

at a waterflood RF of 29.75% OOIP, production proceeds for 29.8 years, with a cumulative oil 

production of 10.4 MM barrels. This is acceptable since production lives with similar RF's of 

30.06% and 30.78% OOIP will only be achieved after production for 31.5 years and 36.17 years, 

respectively.

Figure 4.28 Cumulative oil and water volume production at various minimum oil produced
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Figure 4.29 Oil RF, production life and WITPOR at various minimum oil production rates

4.6.4 Well Trajectory

To study the effects of well trajectory and perforations, CO2 was injected via three well patterns; 

the alternating diagonal well trajectory, alternating V-shape well trajectory and finally the 

staggered line drive well trajectory. CO2 injection in the alternating V-shape wells produces oil 

from the model at an RF reaching a maximum of 8.85% RF. In comparison, RF of CO2 injection 

in the alternating diagonal wells reaches a maximum RF of 5.16% OOIP at the economic limit of 

50 STB/day. As seen in Figure 4.30, CO2 injection at similar producer and injector well constraints 

return the highest RF in the staggered line drive trajectory peaking at 12.3% OOIP at the economic 

limit of 50 STB/day. This leads to a logical conclusion that in thick and heterogeneous multilayer 

models, the number of wells, well trajectory and perforation affect the sweep efficiency and final 

oil recoveries.

Poor sweep efficiency is the major contributor to the comparatively poor oil recovery in the 

alternating diagonal well trajectory and the alternating V-shape compared to the staggered 

line-drive.
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Figure 4.30 Well trajectory performance during CO2 flooding

Further sensitivity analysis of the performance of the staggered line drive well pattern at producing 

BHP of 1,000 psi, 800 psi, and 600 psi is also investigated. Results of the RF performance are 

presented in Figure 4.31. Similar to the oil production during waterflooding of the Orion model, 

shifting between the injector pressure and rate constraints causes spikes in the oil production 

decline during CO2 flooding.

Figure 4.31 Oil recovery factor of BHP sensitivity during CO2 flooding
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4.6.5 Bottom-Hole Pressure Scenarios

Investigating the oil recovery during CO2 injection under producing bottom hole pressure of 600 

psi, 800 psi, and 1,000 psi showed a rather interesting trend. Traditionally, we expect larger draw

down in a model to produce larger recovery volumes from a reservoir. Figure 4.31 presents the 

oil recovery from the OBd sand during CO2 injection at different producing bottom hole pressure 

and the production rates associated with the recoveries. Oil production under the lowest bottom 

hole pressure of 600 psi sees a higher oil production rate during the earlier years of production, 

and as a result, reaches the economic limit sooner in July 2027, compared to July 2030 at a 

producing bottom hole pressure of 800 psi and finally March 2034 at a producing bottom hole 

pressure of 1,000 psi. Recoveries peak at 9.21% OOIP for 600 psi BHP, 10.24% OOIP for 800 psi 

BHP, and finally 12.3% OOIP for 1,000 psi producing BHP. Figure 4.32 presents the cumulative 

oil production at each BHP production scenario. When the producer is at 1,000 psi BHP, 

cumulative oil production was 834,089 bbls, which is 16.7% greater than the cumulative oil 

produced at 800 psi and 25.1% greater than cumulative oil produced at 600 psi.

Figure 4.32 Cumulative oil production for various BHP constraints
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4.7 Economic Analysis

The profitability of the CO2 flooding and sequestration project is performed with the premise of 

investigating the revenue obtainable under varying uncertainties. The uncertainties include fiscal 

considerations, CAPEX and OPEX, and yearly oil production. Annual oil production during CO2 

flooding was fitted with a power-law and exponential decline model to remove noise in the decline 

curve and provide optimistic and conservative oil production estimates. After the economic model 

to estimate the Net Present value of oil production of each well and sector of the Orion oil pool is 

developed, we run sensitivity analysis to predict and quantify the effect of several factors that 

affect the economic margin (Table 3.8).

Gross Value Reduction (GVR) tax credits are applied to new oil productions and are limited to the 

first seven years of oil production. The GVR tax credit is activated if the oil price drops below $70 

per barrel. Non-GVR tax credits are incentives provided to oil fields producing for a few years, 

and it is applied when wellhead prices are less than $80 per barrel (Alaska Department of Natural 

Resources 2020). The 45Q tax credit is introduced as an incentive for carbon sequestration. The 

duration of the credit is for 12 years from the onset of CO2 sequestration, which has been 

incorporated into the analysis of each sand of the reservoir. After the economic model pool is 

developed to estimate the Net Present value of oil production of each well and sector of the Orion 

oil, a sensitivity analysis is run to predict and quantify the effect of several factors that affect the 

economic margin. Table 3.9 provides an overview of the minimum, maximum, mean, and 

standard deviation of each sensitivity analysis parameter introduced into the economic model to 

study the possible scenarios.

Results from the economic sensitivity analysis compared the Net Present Value (NPV) of CO2 

flooding from all sectors of the Orion field, including the CO2 sequestration tax benefit (45Q tax 

benefit), to the NPV of the EOR process without 45Q. Results of the NPV with 45Q tax benefit in 

Figure 4.33 a) shows that there is a 15.7% chance of a negative NPV of production from the Nb, 

OA, OBa - OBc and OBd sands collectively until the economic limit of 50 STB/day. There is a 

64.3% chance of a positive NPV less than $100 million and a 20% chance of returning an NPV 

greater than $100 million but less than $206 million. Table 4.7 provides further details of the NPV 

of the entire field after incorporating the 45Q tax credit. The effects of volatility of the oil price on 
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the NPV of the project causes the potential return of the CO2-EOR and sequestration to range 

between a negative NPV of -$24 million and $132 million (Figure 4.33 b). The project is heavily 

dependent on the global oil price, the production capacity of the OBa-OBc sector, and producer 

and injector drilling and completion costs, respectively. Other parameters and their effect on NPV 

are also presented relative to each other in Figure 4.33 b. The production potential for the OBd 

sand, rent and abandonment cost affected the NPV the least, and their impact on the NPV clearly 

shows how each input parameter influences the mean NPV (Figure 4.33 c). The spider plot further 

defines the influence of the most significant parameters on the NPV of the project. The global oil 

price again has the greatest gradient, which is indicative of the effects of changes in the oil price 

has on the project economics. All other variables exhibited less influence on the NPV with 45Q 

credits.
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Figure 4.33 a) Probability density distribution of NPV from all sands after including CO2 tax 
credits in economic analysis. b) Tornado plot showing the sensitivities of each parameter to 
the mean NPV of the entire field c) Spider plot presenting the change in NPV as the 
sensitivity percent changes.
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Table 4.7 Statistical Overview of NPV with 45Q Credits

Minimum -$80,831,582.32

Maximum $206,214,062.07

Mean $54,012,484.36

90% CI ± $257,907.21

Mode $46,786,494.82

Median $53,274,010.19

Std Dev $49,582,932.30

Results of the NPV of the project without the benefits of CO2 sequestration, i.e., ignoring the 45Q 

tax benefit, has a 41.9% chance of a negative NPV (Figure 4.34 a), compared to 15.7% when 

considering 45Q tax credits. The greater chance of a positive and potentially larger NPV (Table 

4.8) of CO2-EOR projects, including sequestration, support the arguments of using CO2 as the 

injectant. Similar to the NPV with tax credits, changes in oil price affect the NPV without tax 

credits the most, whereas the abandonment costs and rent paid to lease owners affect the NPV the 

least. Production efficiency in the OBa-OBc sands, producer drilling and completion costs, the 

yearly well operation costs, and the injector drilling and operation costs were the other significant 

parameters that affected the project NPV without tax credits (Figure 4.34 b and c). Changes in all 

other parameters had less influence on the returns of the project (Figure 4.34 c). A statistical 

summary of the minimum, maximum, and mean NPV values under varying fiscal scenarios 

indicate the potential for a negative NPV up to -$122 million and a maximum positive NPV of 

$174 million. However, the most likely potential NPV from the project without CO2 storage and 

credits is about $12 million (Table 4.8).
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Figure 4.34 a) Probability density distribution of NPV from all sands after without CO2 tax credits in 
economic analysis. b) Tornado plot showing the sensitivities of each parameter to the mean NPV of the 
entire field without tax credits c) Spider plot presenting the change in NPV without tax credits as the 
sensitivity percent changes.
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Table 4.8 Statistical Overview of NPV without 45Q Credits

Minimum -$121,783,803.37

Maximum $173,748,013.60

Mean $12,233,414.94

90% CI ± $258,533.68

Mode $13,802,027.76

Median $11,594,351.66

Std Dev $49,703,372.02

CO2 injection in the sand layers of the Orion oil pool is not economically attractive for enhanced 

oil recovery purposes without the benefit of the 45Q tax credit. However, CO2-EOR in some 

individual sands, such as the OBa - OBc sands, is economically more viable than the others. In 

fact, layers containing light oil can produce a satisfactory amount of oil with the reservoir's natural 

drive, voiding the necessity for CO2 injection (for example, see results of OBd sand in Appendix 

I). When the injection in all sand layers was treated as one project (a set of injectors and producers 

in every sand, even the light oil sands), the economy of the project became unattractive. It is 

important to note here that using a larger simulation model for EOR analysis can improve oil 

recovery and be more representative of the Orion reservoir performance. To maximize the CO2 

utilization, the recommendation of this study is to decide on a case-by-case basis for every 

individual layer that is hydrodynamically independent.

On the other hand, if the injection is aimed at sequestration purposes, expectations would be 

different. The 45Q tax incentive changes the dynamics of the project, for which the evaluation 

yielded a much more promising outcome for the Orion oil pool. Since the tax incentive is linked 

to the amount of CO2 geologically sequestered, the OBd sand, which contains light oil performed
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less than the others that contained viscous oil. As such, the injected gas in the OBd sand bypasses 

the oil and is produced at the producer well, hindering the sequestration goals.
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Chapter 5: Conclusions and Recommendations
5.1 Conclusions

A compositional simulation was carried out to study the performance of CO2 injection in the Orion 

oil pool of Alaska's North Slope. Rock property data was collected to develop a geological model. 

Experimental data describing the PVT of the Orion formation was obtained to tune a PR-EOS to 

model the phase behavior into a compositional simulator to study the enhanced oil recovery and 

subsequent CO2 gas sequestration. The above study supports the following conclusions.

1. The PR-EOS was successfully tuned to experimental data from constant composition 

expansion (CCE) and differential liberation (DL).

2. Oil recovery in the model after water injection of 1.65 PV was around 32% OOIP in the 

entire model. Due to the relatively low viscosity of fluids in the OBd sand of 11 cp, 85% 

OOIP was displaced, while 16% OOIP in the OBa to OBc sands was recovered at 1.65 PV 

water injected.

3. CO2 oil recovery peaked at 12.3% OOIP in the OBd sand. The significant disparity 

observed between water flooding and CO2 flooding can be attributed to the mobility ratio 

of the water compared to CO2. Relatively low oil RF for CO2 injection is due to low 

volumetric sweep efficiency.

4. In general, the well trajectory has a significant influence on the sweep efficiency. 

Cumulative oil production of CO2 flooding in the OBd sand decreased by 29.13% when 

V-shaped well trajectory was used compared to the staggered line well trajectory, and 58% 

when alternating diagonal well trajectory (which was the least performing) was compared 

to the staggered line drive well trajectory.

5. As CO2 concentration increases in the MI gas injection stream, the oil recovery from the 

OBd sand decreases. This suggests that a trade-off must be made based on the project's 

priority; whether or not the tax credits from CO2 sequestration offsets revenue obtained 

from more oil recovery due to MI injection.

6. Sequestration of CO2 is largest at 1.6 Metric tons per acre-foot of the OBd sand when pure 

CO2 is injected using a staggered horizontal well. The lowest CO2 storage was observed 

using an alternating V-shaped well trajectory at 0.65 Metric tons per acre-foot.
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7. The economic analysis estimated the CO2-EOR project with CO2 credits in all sectors of 

the Orion model. There is a 15.7% chance of returning a negative NPV but an even greater 

potential for a negative NPV of 41.9% when CO2 sequestration is not considered in the 

project economics.

8. The average CO2 utilization rate in all sectors of the Orion oil pool was 0.25 Metric tons of 

CO2 for each barrel of oil produced, with the highest of 0.39 Metric tons of CO2 per barrel 

of oil observed in the Nb sand.

9. The oil price and the power-law decline coefficient are the most significant sensitivity 

parameters that affect the NPV of the project.

5.2 Recommendations

1. Although 36 layers represented the model, it did not reflect the real variations in the 

formation top and areal variations of the Orion oil pool. It is recommended that a more in

depth geologic model be developed that reflects the heterogeneity of the formation.

2. Data from a single core flooding is obtained from the AOGCC database and was used to 

develop the relative permeability data, the porosity, and the permeability distribution of the 

model. New coreflooding experiments with core samples from several locations in the 

Orion oil pool should be conducted to better represent the relative permeability parameters.

3. Increasing the number of data points provides a better understanding of phase behavior and 

viscosity modeling; hence, the CCE and DL test should be carried out on more 

representative viscous oil samples. This will provide more data for the viscosity modeling 

study, and the fluid model will better represent the Orion oil pool.

4. A larger-sized model with smaller grid blocks should be constructed to remove numerical 

dispersion and boundary effect errors. Other compositional simulation software such as 

UTCOMP or Eclipse should be used for the sake of comparison.

5. The results showed that even after waterflooding, a high amount of oil would remain in the 

reservoir. WAG has the potential to increase the final recovery and is subject to further 

study.
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Appendix
Economic Analysis of each sand

Figure A.1 a) Probability density distribution of NPV from Nb sand after including CO2 tax credits in 
economic analysis. b) Tornado plot showing the sensitivities of each parameter to the mean NPV of the 
Nb sand. c) Spider plot presenting the change in NPV as the sensitivity percent changes.
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Figure A.2 d) Probability density distribution of NPV from Nb sand without CO2 tax credits in 
economic analysis. e) Tornado plot showing the sensitivities of each parameter to the mean NPV of the 
Nb without tax credits. f) Spider plot presenting the change in NPV without tax credits as the 
sensitivity percent changes.
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Figure A.3 g) Probability density distribution of NPV from OA sand after including CO2 tax credits in 
economic analysis. h) Tornado plot showing the sensitivities of each parameter to the mean NPV of the OA 
sand. i) Spider plot presenting the change in NPV as the sensitivity percent changes.
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Figure A.4 j) Probability density distribution of NPV from OA sand without CO2 tax credits in economic 
analysis. k) Tornado plot showing the sensitivities of each parameter to the mean NPV of the OA sand without 
tax credits. l) Spider plot presenting the change in NPV without tax credits as the sensitivity percent changes.
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Figure A.5 m) Probability density distribution of NPV from OBa-OBc sand after including CO2 tax 
credits in economic analysis. n) Tornado plot showing the sensitivities of each parameter to the mean 
NPV of the OBa-OBc sand. o) Spider plot presenting the change in NPV as the sensitivity percent 
changes.
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Figure A.6 p) Probability density distribution of NPV from OBa-OBc sand without CO2 tax credits 
in economic analysis. q) Tornado plot showing the sensitivities of each parameter to the mean NPV 
of the OBa-OBc sand without tax credits. r) Spider plot presenting the change in NPV without tax 
credits as the sensitivity percent changes.
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Figure A.7 s) Probability density distribution of NPV from OBd sand after including CO2 tax credits in 
economic analysis.t) Tornado plot showing the sensitivities of each parameter to the mean NPV of the 
OBd sand. u) Spider plot presenting the change in NPV as the sensitivity percent changes.
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Figure A.8 v) Probability density distribution of NPV from OBd sand without CO2 tax credits in 
economic analysis. w) Tornado plot showing the sensitivities of each parameter to the mean NPV of the 
OBd sand without tax credits. x) Spider plot presenting the change in NPV without tax credits as the 
sensitivity percent changes.
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