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This report was prepared as an account of work sponsored by an agency of the United States 

Government. Neither the United States Government nor any agency thereof, nor any of their 

employees, makes any warranty, express or implied, or assumes any legal liability or 

responsibility for the accuracy, completeness, or usefulness of any information, apparatus, 
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endorsement, recommendation, or favoring by the United States Government or any agency 
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ABSTRACT

Methane hydrates consist of a water ice lattice with methane gas molecules contained in the 

lattice cavities. When dissociated into its constituent water and methane, one volume of 

hydrate contains approximately 138 volumes of methane gas. On the North Slope area of 

Alaska, it is estimated that accumulations containing between 300 and 5000 trillion cubic feet 

of gas. The feasibility of a pilot production project was computed to determine the 

production potential of the hydrate accumulation and its economic return. The production of 

gas from a 1 mile by 4 mile reservoir block containing hydrate underlain by an accumulation 

of free gas was simulated and the resulting production profile inputted into an economic 

model. As the mechanism for the production of hydrates differs from conventional 

hydrocarbons, an existing thermal hydrocarbon computer simulation program was adapted. 

Results of the simulations indicate that depressurization of the free gas zone reduces the 

pressure at the gas-hydrate interface below that necessary for hydrate stability and causes the 

hydrate to dissociate into methane gas and water. Analysis found that, in most situations, a 

development project would be profitable, though the results are highly leveraged to the 

transportation cost and gas sales price.

iv



TABLE OF CONTENTS

ABSTRACT iv

TABLE OF CONTENTS v

LIST OF FIGURES ix

LIST OF TABLES xiii

ACKNOWLEDGEMENTS xiv

NOMENCLATURE xvi

1 INTRODUCTION 1

2 LITERATURE REVIEW 3

2.1 The Nature of Gas Hydrates 3

2.1.1 Nomenclature 5

2.1.2 Nature o f Hydrate Accumulations in the Field 5

2.1.3 Hydrate Stability Conditions 6

2.2 A Brief History of Gas Hydrate Study 7

2.3 Formation and Extent of Gas Hydrates 9

2.3.1 Onshore Hydrates 10

2.3.2 Detection o f Onshore Hydrates 13

2.3.3 Hydrates on the North Slope o f Alaska 14

2.4 Production of Hydrates Using Conventional Technology 18

2.4.1 Drilling through Permafrost and Hydrates 20

2.5 Existing Hydrate Dissociation Models 24

2.5.1 Holder and Angert (1982) 24

V



3 MATHEMATICAL MODELS FOR HYDRATE DISSOCIATION

3. 6.1 Conservation Equations

3.6.2 Flow Terms

3.6.3 Chemical Reaction, Interface Mass Transfer Source/Sink Terms

3.6.4 Heat Loss Source/Sink Terms

3.6.5 Phase Equilibrium Relationships

3.7 Development of STARS for use with Hydrate Dissociation Simulations

3.7.1 Dissociation Reaction



3.7.2 Relative Permeabilities 

4 SIMULATION EXPERIMENTS

4.1 Location of a Potential Pilot Project

4.2 Characterization of the Reservoir

4.2.1.1 Production Scenario

4.3 Construction of the Modeling Grid and Initialization of the Simulator

4.4 Reservoir Modeling Runs

4.5 Economic Modeling

4.5.1 Development o f the Economic Model

4.5.2 Economic Indicators

4.6 Initialization of the Economic Model

4.6.1 Capital Expenditure 

5 RESULTS

5.1 Production Modeling

5.1.1 Two Wells

5.1.1.1 300 mD, 25 mmscfd max Flow Rate (Base Case)



5.1.1.2 100 mD, 25 mmscfd max flow rate

5.1.1.3 300 mD and 100 mD, 15 mmscfd max flow rate

5.1.1.4 Contribution to gas production from gas hydrates

5.1.1.5 Reduced Hydrate Saturation

5.1.2 Three Wells

5.1.2.1 3 Well, 300 mD, 25 mmscfd Rate

5.1.3 Horizontal Well

5.1.4 Infill Wells

5.1.5 Cumulative Production and Recovery Ratios

5.1.6 Extended Production 

5.2 Economic Modeling

5.2.1 Two Wells in Fault Block

5.2.2 Three Wells in Fault Block

5.2.3 Horizontal Wells

5.2.4 Infill Wells

5.2.5 30 Year Simulation

5.2.6 Comparison o f  Hydrate and Free Gas Reservoirs

5.2.7 Production from Multiple Fault Blocks

CONCLUSION AND RECOMMENDATIONS FOR FURTHER WORK

6.1 Conclusion

6.2 Recommendations for Further Work 

REFERENCES



LIST OF FIGURES

Figure 2.1: Hydrate Structure I and II Lattices 4

Figure 2.2: CH4 Hydrate Stability Curve Using Data from Table 2.1 7

Figure 2.3: Potential Regions of Hydrate Deposits 10

Figure 2.4: Hydrate Stability versus Average Continental Geothermal Gradient 11

Figure 2.5: North Slope Geothermal Gradient Versus Hydrate Stabilty 12

Figure 2.6: Well Log Cross-Section of Hydrate Units 17

Figure 3.1: Relative Hydrate/Gas Permeabilities 43

Figure 3.2: Relative Water/Hydrate Permeabilities 44

Figure 4.1: Location of the Milne Point Unit 45

Figure 4.2: Milne Point Development Pads 46

Figure 4.3: Major Fault Lines in the Milne Point Unit 47

Figure 4.4: Location of Logs for Formation Thickness Calculation 48

Figure 4.5: Location of Free Gas Zone w.r.t. K Pad 51

Figure 4.6: Simulation Grid, Showing Pressure Distribution 55

Figure 4.7: Symmetrically Reduced Reservoir Grid 57

Figure 4.8: Illustration of Cash Accounting Method 68

Figure 5.1: Production Rate - Base Case 75

Figure 5.2: Produced Water - Base Case 76

Figure 5.3: Hydrate Saturation - Base Case - 2005/01/01 77

Figure 5.4: Hydrate Saturation - Base Case - 2005/06/30 78

Figure 5.5: Hydrate Saturation - Base Case - 2005/12/27 79

ix



Figure 5.6: Hydrate Saturation - Base Case - 2008/02/15 79

Figure 5.7: Hydrate Saturation - Base Case - 2010/02/04 80

Figure 5.8: Hydrate Saturation - Base Case - 2010/02/04 - Plan View 80

Figure 5.9: Hydrate Saturation - Base Case - 2011/01/30 - Cross Section 81

Figure 5.10: Hydrate Saturation - Base Case - 2013/11/15 82

Figure 5.11: Hydrate Saturation - Base Case - 2018/02/22 83

Figure 5.12: Hydrate Saturation - Base Case 2020/01/02 83

Figure 5.13: Water Saturation - Base Case 2005/01/01 84

Figure 5.14: Water Saturation - Base Case -  2005/05/01 85

Figure 5.15: Water Saturation - Base Case -  2008/02/15 86

Figure 5.16: Water Saturation -  Base Case 2008/02/15 -  Cross Section 86

Figure 5.17: Water Saturation -  Base Case 2010/12/01 87

Figure 5.18: Water Saturation -  Base Case 2016/01/04 88

Figure 5.19: Water Saturation -  Base Case 2020/01/02 88

Figure 5.20: Temperature - Base Case - 2005/01/01 89

Figure 5.21: Temperature - Base Case - 2005/12/27 89

Figure 5.22: Temperature - Base Case -  2007/12/17 90

Figure 5.23: Temperature - Base Case - 2014/11/10 91

Figure 5.24: Temperature - Base Case -  2014/11/10 91

Figure 5.25: Temperature - Base Case -  2020/01/02 92

Figure 5.26: Pressure - Base Case - 2005/01/01 93

Figure 5.27: Pressure - Base Case - 2005/03/02 93

X



Figure 5.28: Pressure - Base Case - 2005/10/28 94

Figure 5.29: Pressure - Base Case - 2007/04/21 95

Figure 5.30; Pressure - Base Case - 2010/02/04 95

Figure 5.31: Pressure - Base Case - 2015/01/09 96

Figure 5.32: Pressure - Base Case - 2020/01/02 96

Figure 5.33: Production Rate, Reduced Permeability 97

Figure 5.34: Production Rate 300mD, 15 mmscfd Max Rate 98

Figure 5.35: Free Gas Only Simulation 100

Figure 5.36: Hydrate and Free Gas Only Production Rates 100

Figure 5.37: Cumulative Contributions from Hydrate and Free Gas 101

Figure 5.38: Production Profiles - Free Gas Only vs. Hydrate 102

Figure 5.39: Production Profiles, Reduced Hydrate Saturation, 300mD 104

Figure 5.40: Water Accumulation near Well 105

Figure 5.41: Production Profiles, Reduced Hydrate Saturation, lOOmD 106

Figure 5.42: Two (Three) Well Configuration 107

Figure 5.43: Three Well Scenario - Base Case 107

Figure 5.44: Three Well Scenarios - Gas Production Rate 108

Figure 5.45: Horizontal Well Configuration 109

Figure 5.46: Horizontal and Multiple Well Production Rates 110

Figure 5.47: Hydrate Dissociation - Horizontal Well - 2011/01/30 111

Figure 5.48: Water Production Rates -  Horizontal and Multiple Well Cases 112

Figure 5.49: Water Saturation - Horizontal Well -  2009/08/08 113

xi





Xlll

LIST OF TABLES



xvi

NOMENCLATURE

Adec Surface area unit volume, m' 1

Ahs Specific are of hydrate particles, m"1

bbl barrel

bcf billion cubic feet

BTU British Thermal Unit

°C Degrees Celsius

E Activation Energy, J/mol

f e Fugacity of gas at T and pe, kPa

f g Fugacity of gas at T and kPa

g, Generation rate of phase I unit volume, kg/m3

h. Specific enthalpy of phase /, K/kg

kj Hydrate dissociation equilibrium constant

k'd Initial yydrate dissociation equilibrium constant

p, Viscosity of phase /, Pa.s

O, Potential of phase /, kPa

u, Velocity of phase /, m/s

hr hour

I-H-V Ice-Hydrate-Vapor

k Absolute Permeability, m2



kc Thermal Conductivity, w/mK

K, Equilibrium constant for component i

kri Relative permeability to phase /

lb Pound

Lw-H- V Liquid Water -  Hydrate -  Vapor

m meter

m thousand

mD millidarcies

Mi Molecular weight of phase /, kg/kmol

mm Million

mmscfd million standard cubic feet per day

mscfd thousand standard cubic feet per day

Nh Hydrate Number (5.75)

P Pressure

p c Capillary pressure, kPa

p e H-V-Lw equilibrium pressure, kPa

pi Pressure of phase /, kPa

<t> Porosity

ppg pounds per gallon

psi Pounds per square inch

Qh Heat of Hydrate decomposition unit volume, J/m3s

Qin Direct heat input unit volume, J/m3s



XV111



ACKNOWLEDGEMENTS

Thanks go to my advisors, Shirish L. Patil and Dr. David O. Ogbe for their guidance and 

support throughout the course of this research. Appreciation is also given to my advisory 

committee members, Drs. Chukwu and Reynolds, for their input. In addition, I wish to 

extend my thanks to Robert Hunter, Gas Hydrate Project Manager for BP Exploration 

(Alaska) Inc. for delivering the strategic direction to this research. My gratitude also goes to 

Dr. Bob Casavant, University of Arizona, and Dr. Karl Glas, SPI Corp. for providing 

geologic data aiding the characterization of the reservoir, and Scott Wilson at Ryder Scott 

Company for his support and encouragement.

Special mention must be made of Computer Modeling Group Ltd. for the company’s support 

of the STARS modeling program and the donation of the operating license for the software.

Thanks are additionally extended to Drs. George Moridis, Barry Freifeld and Tim Kneafsey 

for their hospitality during my research visit to the Lawrence Berkeley National Laboratory 

and for George’s instruction in the use of TOUGH2.

The current research for this study was done as part of the U.S. Department of Energy. 

Collaborative Research Project titled “Resource Characterization and Quantification of 

Natural Gas-Hydrate and Associated Free Gas in the Prudhoe Bay-Kuparuk River Area on 

the North Slope of Alaska (DE-FC-01NT41332)”. I would like to thank the United States 

Department of Energy, BP Exploration (Alaska), Inc. and the Petroleum Development



Laboratory, University of Alaska Fairbanks, for providing the financial support 

accomplish my studies.



1 INTRODUCTION

Gas hydrates are solid, crystalline compounds formed from water and gases under specific 

temperature and pressure conditions. Various gases can form hydrate compounds including 

hydrocarbons such as methane (natural) gas. A notable feature of hydrates is that a volume 

of hydrate containing a certain amount of gas molecules is considerably smaller than the 

same molecular quantity of free gas. Methane hydrate deposits occur in the subsurface of 

many permafrost areas as well as in deep water oceanic sediments. Interest in hydrates as an 

energy source arises from the large volumes that exist in these locations. Globally, the 

estimate of gas hydrate reserves is 100,000 to 3 x 109 trillion cubic feet (Collett, 2001). On 

the Alaskan North Slope alone, there is approximately 590 trillion cubic feet of gas in place 

within hydrates (Collett, 1997). If these resources can be recovered and transported 

economically, they represent a significant energy resource. However, there are significant 

practical and economic challenges to be overcome before large-scale production of hydrates 

could be considered. The US Department of Energy, realizing the value that hydrate 

production could contribute towards the Nation’s energy supply, is funding research to 

further understanding of hydrates and develop possible production techniques.

As an unproven process, a step-wise program of research and development is being 

undertaken. Currently, most work is based in the laboratory, though if the early phases of the 

research indicate that production gas from hydrates is feasible, a pilot project on the North 

Slope of Alaska is envisioned.
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The objective of this work is to model the production profile of such a pilot scheme and 

analyze the resulting production profiles in order to determine the economic viability of such 

a project. At present, little quantifiable data is published regarding the hydrate accumulation 

characteristics on the North Slope, and no firm decision has been made to the exact location 

and size of a hydrate project. Accordingly, this study examines various scenarios of differing 

geologic characteristics, reservoir size and well configurations.

Section 2 contains a literature review to provide background information on gas hydrates.

Section 3 outlines the mathematical models that may be used to model the hydrate

dissociation process and how a commercial reservoir simulator was modified to be able to

model the process. A description of the proposed project and the data used to initialize the

simulations is presented in section 4, with the output from the simulations discussed in 

section 5.

Note:Within this thesis, any reference to ‘hydrate’or ‘hydrates’ refers to methane hydrates. 

Production o f hydrates ’ is used as shorthand for the production o f methane gas dissociated 

from hydrate accumulations. ‘Gas ' refers to methane gas.

2



2 LITERATURE REVIEW

2.1 The Nature of Gas Hydrates

Gas hydrates are a type of clathrate: a solid in which one component is enclosed in the 

structure of another. In the case of gas hydrates, this consists of a water ice lattice 

surrounding small gas molecules.

A water lattice has cavities present in the lattice that are large enough for other guest 

molecules to inhabit. The presence of the guest molecules helps to stabilize the water lattice 

and hydrates are found at temperatures and pressures where pure water ice could not exist.

Several different hydrate structures are known. The structural difference depends on how the 

water cavity, which consists of twelve five-sided faces, is linked to other cavities:

Structure I (si) features a body centered structure with the vertices of the cavities linked (see 

Figure 2.1). Forty-six water molecules form eight cavities. These cavities can accommodate 

molecules smaller than propane. A typical type I hydrate unit has the chemical composition 

8CH446H20  (Makogon, 1981). Type I structures are the variant most commonly found in the 

environment, both onshore and onshore. In the case of deep marine accumulations, the guest 

gas molecules are usually derived from biogenic gas,
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4

Figure 2.1: Hydrate Structure I and II Lattices

(after Sloan, 1991)

Structure II (sll) comprises a diamond lattice within a cubic framework (Figure 2.1). Eight

large and 16 smaller cavities are present. Such an arrangement occurs with molecules larger

than ethane but smaller than pentane, and is commonly the type that forms in pipelines and

processing facilities. Its unit chemical composition is 8(C3H8, /-C4Hio)136H20  (Makogon, 

1981).

Structure H (sH) has only been identified relatively recently by Ripmeester et al. in 1987 and

only in the laboratory -  no field examples have been discovered. The cavity arrangement of

structure H is so large that molecules such as naphtha and gasoline can be accommodated 

within.



The notable property of gas hydrates is that the amount of gas molecules contained in a cubic 

foot of hydrate is far greater than the number in the equivalent amount of free gas. For 

instance, a cubic foot of methane hydrates can contain 180 cubic feet of methane gas. For 

this reason, accumulations of hydrates can be thought of as a ‘concentrated’ energy deposit 

and are of economic interest.

2.1.1 Nomenclature

The nomenclature is developed from the cavities in the water molecule framework, which 

consists of twelve five-sided faces (a pentagonal dodecahedron), hence 512. A 14-sided cavity

(tetrakaidecahedron) has 12 pentagonal faces and two hexagonal faces and so is named
12 2

5 6 . Other structures comprise the 512 pentagons plus four or eight hexagonal faces: 62, 64
g

or 6 . Hence, a hydrate structure may be described for example as 51264 or 5,268. The 

structure H hydrate also possesses an irregular dodecahedron cavity, having three square 

faces and three hexagonal faces in addition to the five pentagons (435663).

2.1.2 Nature of Hydrate Accumulations in the Field

In the environment, hydrate deposits are thought to occur in various forms. There are 

continuous massive extents of hydrate, or hydrate may be finely disseminated throughout the 

surrounding matrix. Between these two extremes, ‘nodules’ of hydrate within a matrix have 

been identified. Similarly, the hydrate accumulation can be confined on all sides by sealing 

boundaries or may overlie a zone of free gas.
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2.1.3 Hydrate Stability Conditions

For a given gas composition, there are only certain temperature and pressure conditions in 

which a hydrate will be stable. A wide range of authors have developed equations to predict 

hydrate stability conditions and today there is a range of commercial software packages 

available to predict the phase equilibrium for a particular hydrate composition. Sloan (1998) 

suggests using an Antoine relation:

In P = a + b/T ^

Where P = pressure, kPa and T=  temperature, K

to plot a hydrate stability chart. Suggested values for ‘a’ and ‘b ’ for methane (CH4) are listed 

in .

Table 2.1 and the calculated stability plot is shown in Figure 2.2.
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Table 2.1: Values of 'a' and ’b' for the Calculation of CH4 Stability

(Kamath, 1984)

Type T Range ° C a b
Lw-H-V Oto 25 38.980 -8533.8
l-H-V -25 to 0 14.717 -1886.79
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Figure 2.2. CH4 Hydrate Stability Curve Using Data from Table 2.1

2.2 A Brief History of Gas Hydrate Study

Although noted as a scientific curiosity by Sir Humphrey Davy in around 1810, interest in 

the study of gas hydrates m connection to petroleum practices arose with the development of 

the modem oil industry in the 1930’s. Development of a gas transport pipelines lead to 

instances of plugged gas transportation pipelines, the cause of the blockage being discovered 

to be gas hydrates. Hammerschmidt (1934) was one of the pioneers in researching the 

pipeline-plugging effects of hydrates. Subsequent study of hydrates remained focused on 

flow assurance issues in pipelines. With the advent of drilling in arctic areas and in deep-



water marine environments in the 1960’s and 1970’s, hydrates again became of interest 

because of well control issues while drilling. Hydrate layers penetrated during drilling would 

rapidly dissociate because of the reduction in pressure and the heat from the drilling mud. 

The large amounts of gas evolved could potentially lead to devastating blowouts.

The potential of hydrates as an energy resource first received wide attention in the 1970’s 

due to the discovery of frozen methane gas in the Messoyakha field in western Siberia, 

Russia. Data published by Makogon et al. (1972), presented evidence that the Messoyakha 

field consisted of an upper gas hydrate accumulation and a lower free gas reservoir. Collett 

(1992) reports that after an initial production period the reservoir pressure did not decline as 

much as anticipated, indicating pressure support from the dissociation of the hydrate layer.

Perhaps due to energy shortages in the 1970’sseveral works were published in the 1980’s, 

including those of Zielinski (1982) and Goodman and Giussani, (1982), that provided 

estimates of the likely location and resource magnitude of methane hydrates.

During this time, efforts by authors such as McGuire (1982) and Burshears et al. (1986) had 

been made to numerically model the dissociation of hydrates. Although restricted to simple 

models, the results from such simulations suggested that the production of hydrates could be 

feasible. A further summary of historic modeling work is given in section 2.5.
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From the 1990’s to the present we see a further increase in research of hydrates as an energy 

source. In the United States, efforts have focused on the North Slope of Alaska, where the 

conditions for hydrate stability exist. Collett (for example, papers in 1992 and 1993) has 

been a prolific author in this area. Similarly in Canada, the McKenzie Delta in the Northwest 

Territories has received the attention of Canadian, United States and Japanese researchers.

In recent years, the widespread availability of computers and increase in computing power 

has contributed to a remarkable growth in the complexity and scope of numerical models 

used to study hydrates. Within the United States, Moridis (2002a, 2002b) is developing a 

comprehensive simulator for hydrate modeling. Similar work is being advanced in Japan, for 

instance by Masuda et al. (1997, 2002).

2.3 Formation and Extent of Gas Hydrates

The conditions required for hydrate formation and stability dictate that hydrate

accumulations are found in three environments: Arctic permafrost regions, deep marine

floors of the outer continental shelf and shallow marine floors in Arctic areas. Onshore, arctic

regions that are believed to contain significant hydrate accumulations include the Alaskan

North Slope, the McKenzie Delta in Canada and Western Siberia, Russia (Kvenvolden,

1993). A selection of areas believed to contain gas hydrate accumulations are illustrated in 

Figure 2.3.
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10

Figure 2.3: Potential Regions of Hydrate Deposits

(after Sloan, 1990)

The large extent of hydrate formations means that globally they offer a significant energy 

accumulation. Collett (I993) estimates that continental (onshore) hydrates may contain from 

5.0 x 10 to 1.2 x 106 trillion cubic feet of gas. If only a fraction of this is recoverable, this is 

still of great importance, especially as the world’s energy demand continues to increase and 

the supply of conventional hydrocarbon resources diminishes.

2.3.1 Onshore Hydrates

The pressure and temperature conditions that methane hydrates are stable under are 

illustrated in Figure 2.2. As pressures increase, hydrates will form with water at temperatures 

well above the freezing point of pure water. However, even at the reduced pressure



requirements, under most conditions, the depths necessary to produce such pressures in the 

subsurface will usually be found to be too warm because of the regional geothermal gradient.

Osterkamp and Payne (1981) calculated the pressure gradient on the North Slope to be 0.433

psia/ft. Lachenbruch and Marshale (1969) had proposed a gradient of 0.435 psi/ft. With this

average gradient, subsurface pressures can be calculated at various depths. Using these

pressures, the temperatures required for hydrate stability at various depths were calculated

and plotted in Figure 2.4. However, if the average Continental US geothermal gradient of

2.35 °C per 100 m is plotted and an average surface temperature of zero0 C is assumed, it is

noted that the temperature at any depth is always above the hydrate stability zone (Figure 

2.4).
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In permafrost zones, the base of the permafrost is generally at 0 °C. In many arctic areas, the

permafrost descends to depths of 1000 feet and often much deeper. Below the base of the

permafrost are found the necessary pressure and temperature conditions for hydrate

formation. On the North Slope of Alaska, Collett (1988) determined the base of the

permafrost in the Prudhoe Bay-Kuparuk area to be approximately 500 meters deep. In

permafrost areas there are two geothermal gradients, that in the permafrost and that in the

formations below. The base of the hydrate zone is assumed to be at or near 0 °C. If an

indicative geothermal gradient of 1.9 °C/100m in the permafrost and 3.2 °C/100m below the

permafrost and an average surface temperature o f - 1 1 °C (values from Collett al., 1993) is

assumed, a new depth/temperature profile can be plotted (Figure 2.5). Comparison to the

hydrate stability curve illustrates that hydrates are stable in the subsurface for a considerable 

depth.
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2.3.2 Detection of Onshore Hydrates

After identifying suitable regions where hydrates may exist, well logs and seismic data can 

be used to determine the local extent, if any, of hydrate accumulations.

Certain properties of methane hydrates may be detected using conventional open-hole 

logging surveys. Hydrates exhibit a relatively high induction log resistivity and sonic log 

velocity, though the responses of the logging tools may be greatly affected by the lateral 

decomposition of the hydrate which is likely to occur during drilling unless specific action is 

taken to mitigate heating during the drilling process. Goodman and Guissani (1982) 

developed five different cross-correlations between different types of logs to help aid the 

detection of hydrates:

i. Density vs Neutron Porosity

ii. Apparent resistivity vs Water Saturation

iii. SP vs Resistivity Ratio

iv. Dual Temperature Logs and hydrate equilibrium temperatures

v. Temperature Difference Plot

Using seismic data, gas hydrates primarily are identified based on their low acoustic travel 

times. Drilling rate and gas shows while drilling are also indicators of hydrate presence. 

Table 2.2 summarizes some key diagnostic features for hydrate detection.
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Table 2.2: Diagnostic Features for Hydrate Detection

(Collett, 1993, reported by Hagbo, 2003)

Data Type Response to Gas Hydrates
Mud Log Increase in gas levels in mud due to 

dissociation of hydrate
Resisitivity (Dual Induction) Shallow penetration less than in free gas 

zones due to small amount of gas 
dissociated while drilling. Deeper 

measurement similar to ice-bearing 
permafrost

Spontaneous Potential Similar to ice, less negative than free gas
Caliper Log Hole often oversized due to dissociation
Sonic Log Travel time similar to water ice

Neutron Porosity Higher than ice and free gas
Density As water ice, less than water

Drilling Rate Faster than fluid-saturated sediment, similar 
to water ice

2.3.3 Hydrates on the North Slope of Alaska

The North Slope of Alaska is one of the areas known to contain methane hydrates. As an 

established major oil province, significant quantities of data from sources such as seismic 

surveys and well logs has been collected during the appraisal and development of the oil 

fields. Using such data, Collett (1993) estimated that the methane hydrates on the North 

Slope of Alaska contained 236 to 2,357 trillion cubic feet of natural gas in place.

On the North Slope the presence of hydrates was physically confirmed during the drilling of 

the Northwest Eileen State #2 well in 1972. The Arco/Exxon consortium recovered a 10-foot



hydrate core from a depth of 2185 feet. After drilling, the well was completed and perforated 

in the 2175-2201 interval and a drill-stem test was performed. Gas was produced at a 

maximum rate of 3960 scfd, largely methane with 7% nitrogen.

The large-scale development on the North Slope, for example, the Prudhoe Bay and Kuparuk

Fields, means that many wells have been drilled through the potential hydrate zone.

Although in many cases logs were not run at such ‘shallow’ depths, Collett et (1998)

reviewed 50 wells that did have shallow depth logging data and concluded that all probably

had hydrates present, with thickness of accumulation ranging from approximately 10 to 100 

feet.

Studies carried out by Collett (1983) and Collett et al. (1988) indicate that hydrates occur in 

the Cretaceous and Tertiary Sagavanirtok sedimentary formations that overlie the Prudhoe 

Bay and Kuparuk River oil fields (see figure 1.3). The sediments are sandstones, shales and 

conglomerates, deposited in shallow marine and deltaic environments. Generally, the 

formation increases in thickness from approximately 3,000 feet in the southwest to 6,000 feet 

in the northeast dips and 1° to 2° to the northeast. The formation is cut by high angle, 

northwesterly striking normal faults.

The Sagavanirktok Formation itself comprises many different sub-units. Collett et al. (1988) 

identified six of these sub-units as containing gas hydrates, labeled A - F from the deepest 

upwards. The thickness of the hydrate-bearing units ranges from 9 to 100 feet thick. The
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hydrates are laterally continuous and lie under the east end of the Kuparuk River Unit and the 

west end of the Prudhoe Bay unit. Collett et al. (1988) estimate that extent of the individual 

units ranges from 1.2 to 155 square miles. In total, the lateral extent of all six accumulations 

is about 640 square miles. Units A, B, C and D also have significant free gas trapped below 

them. Porosities vary between 36 and 42 percent. A summary of some of the hydrate unit 

characteristics is given in Table 2.3.
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Table 2.3: Characteristics of Hydrate Bearing Units in GKU/PBU Area

(Collett, 1991)

Unit Lateral
Extent
(km2)

Average
Thickness

(m)

Average
Porosity

Underlain 
by Free 
Gas?

Notes

A 394 17 38 Yes Substantial oil, some coal 
seams

B 122 14 36 Yes Abundant Coal
C 363 15 39 Small Amt
D 357 13 39 Small Amt
E 404 11 39 No
F 3 32 42 No Composite of three units

It is believed that the hydrate accumulations are laterally continuous, though as Kamath et 

(1996) pointed out, as the well logs are not closely spaced, the ability to confirm this lateral 

continuity is limited. Figure 2.6 illustrates the inferred continuity of the hydrate-bearing units 

between well log surveys.
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Figure 2.6: Well Log Cross-Section of Hydrate Units

(Collett, 1993)

Collett et al. (1998) calculated the total gas in place in the NW Eileen accumulation to be 

between 37 and 44 trillion cubic feet. Composition of the gas indicates it is more probably 

from near-surface biogenic decomposition rather than an upward migration of hydrocarbons 

from the underlying reservoirs, however, some authors, such as Jenden and Kaplan (1986) 

dispute this. Another area on the North Slope that has been recently identified as containing 

hydrates is that of the ‘Tam’ and ‘Meltwater’ areas, south of the Kuparuk River field. During



the development of these satellite fields, production wells were drilled through hydrate 

containing zones.

2.4 Production of Hydrates Using Conventional Technology

To produce the methane gas from hydrates it is necessary to dissociate the hydrates into gas 

(CH4) and Water (H20). This is done by either changing the environment (pressure and 

temperature conditions) surrounding the hydrate, or introducing inhibitors to alter the 

alignment between the hydrate stability zone and the ambient conditions. The three 

mechanisms are proposed to achieve this are:

i. Reducing the pressure

ii. Increasing the temperature

iii. Adding a chemical inhibitor

Several authors, (for example, Burshears et al,1986; Moridis and Collett, 2003; Hong and 

Pooladi-Davish, 2003), have indicated that depressurization is a practical method for hydrate 

production. However, because hydrate accumulations are thought to be effectively 

impermeable, the dissociation only occurs at the boundary between the hydrate and the area 

of lower pressure. In order to achieve a dissociation rate that will result in commercial rates 

of gas production, the dissociation area needs to be large. In the case of constrained 

hydrates, the area can be maximized in several ways using fracturing techniques (McGuire, 

1982  ̂ or well configurations. The hydrate dissociation front is maximized in the case of
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hydrate accumulations that overlie a free gas reservoir. By producing the free gas and thus 

reducing the pressure, the hydrate at the free gas interface will begin to dissociate when the 

free gas reservoir pressure reduces below the hydrate stability pressure.

Dissociation can also be achieved by increasing the temperature of the hydrate environment 

above that of the hydrate stability zone, i.e. by adding energy. The techniques developed in 

the exploitation of heavy oils, such as steam and hot water injection are potentially applicable 

to hydrate production. Generally, the energy is introduced directly into the hydrate zone. 

Because of the impermeable nature of hydrates, establishing a connection between injectors 

and producers may take considerable time, as the path between source and sink has to be 

developed. McGuire (1982) suggests using a hot super-saturated brine to develop a fractured 

pathway between the injectors and producers. He indicates that as the brine cools, salt 

crystals will precipitate out of the brine and act as a proppant for the fracture. The presence 

of the saturated salt, thus would prevent refreezing of the fracture path. Alternatively, a “huff 

and puff steam injection, such as proposed by Bayles (1986) could be used, the dissociated 

area around the wellbore gradually increasing in size and effectiveness as the number of 

cycles increases.

An alternative source of introducing energy into the system has been suggested by Islam 

(1991) in the form of direct electro-magnetic heating of the formation from equipment in the 

wellbore, though there are questions as to the practicality of this approach.

19



A third method of dissociation is to add hydrate inhibitors, such as methanol or ethylene 

glycol, into the hydrate formation. The challenges of circulating the inhibitor between 

injector and producer are similar to that of thermal dissociation.

The disadvantage of thermal and inhibitor methods lies in economics. Energy, especially in 

arctic areas where the hydrates are found, tends to be expensive and large amounts of energy 

would be needed to dissociate enough hydrates to offer significant rates of gas production. 

Similarly, chemical inhibitors are costly. Injecting large amounts of chemicals into the 

subsurface also raises environmental permitting issues. Additionally, with thermal 

stimulation, Moridis et al. (2002) suggested that large amounts of water would be produced, 

the disposal of which would add complication and cost to any project.

With these disadvantages, and the presence on the North Slope of Class I - massive hydrates 

overlying free gas accumulations -  the most promising route for a successful pilot project on 

the North Slope is the depressurization technique.

2. 4.1 Drilling through Permafrost and Hydrates

On the North Slope, gas hydrates lie underneath a layer of permafrost and therefore present 

the twin complications of drilling though permafrost and hydrates. The depth of the hydrate 

zone varies throughout the North Slope region, and the deepest accumulations are founf 

around the Greater Kuparuk Area and Prudhoe Bay Unit, at approximately 1500 feet (Collett 

et al., 1989). The difficulties and solutions for drilling through hydrates have been widely
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published: essentially, the permafrost zone is drilled as quickly as possible to minimize

thawing of the permafrost and to avoid hole instability. In specialized cases the use of chilled

muds can aid drilling, however, the additional cost means that this is not a conventional

drilling procedure. In cementing the well, specialized fast-setting cements are used with a

low heat of hydration to minimize additional melting. Large volumes are normally required

because of the over-gauge holes created during melting of the permafrost. In completed

wells, the section of the wellbore is often insulated to prevent excess heat from the warm oil

(greater than 80° F on the North Slope) from causing additional degradation of the

permafrost. However, the low ambient temperatures of the gas hydrates, further cooled due to

the Joule-Thomson effect upon dissociation, mean that this is unlikely to be an issue with gas 

production.

The Alaska Oil and Gas Conservation Commission issue regulations for drilling and 

completion practices for wells in permafrost zones (AOGCC 20 AAC 25.005 -  20 AAC 

25.080). The regulations state that the surface casing must be set at a depth below that of the 

permafrost. The hydrate units lie immediately below the permafrost zone, and in some cases, 

intrude into it. Surface casing is usually set at about 3,500 ft. Kamath et al. (1996) suggest 

that the surface casing be set at a depth of 1800 ft. Referring to Figure 2.6 and the depths of 

the hydrate units, it can be seen that even in the case of the deeper A and B units there is as 

little as 300 ft between the bottom of surface casing and the hydrate zone. This means that 

drilling a deviated well after the surface casing to reach different areas of the free gas
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reservoir is challenging because there is limited means to build a deviation and extend the 

borehole laterally.

Drilling through hydrates poses the same challenges of melting, wellbore enlargement and 

cementing as in permafrost. Additionally, there is increased complexity and safety concerns 

because as the well progresses through the hydrates zone the lower pressures of the wellbore 

and the heat introduced by the fluids and friction cause the hydrate to dissociate and release 

large quantities of gas. Although present in relatively large quantities, the gas influxes into 

the wellbore are not at high pressure, yet, as they are encountered at depths before the surface 

casing is set mean that there is no blow-out prevention equipment installed and no way to 

stop the gas flowing up the well to the rig, where it presents a great safety hazard.

In early drilling at the Milne Point Unit, the influx of gas in one well was so great that that it 

ejected all the drilling mud in the well. As Schofield et a l (1997) point out, the influx of gas 

can lead to a vicious circle, the influx lowering the pressure in the well, thus allowing an 

increase in the hydrate dissociation rate, which in turn produces more. As progressively more 

and more wells have been drilled on the North Slope through the permafrost, techniques have 

evolved to minimize hydrate dissociation. Mud is mixed with cold water (42 °F), circulating 

rates are reduced and mud pressures increased. Minimizing hydrate dissociation problems 

may cause difficulties elsewhere; for instance, during the drilling of the Cascade exploration 

well, high mud weights (11.5 ppg) used to counteract gas influx lead to significant (60 

bbl/hr) lost circulation problems. These problems continued during the drilling of the
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Cascade development wells. An innovative solution was to use a hydrate ‘promoter’ (as 

opposed to inhibitor) additive in the drilling fluid. Certain chemicals, such as lecithin and 

Poly-N-vinyl pyrrolidone, enhance the rate of hydrate formation. Substances such lecithin are 

highly hygroscopic (water absorbing). It is believed that within the wellbore, the lecithin 

absorbs water on the surface of the hydrates, reducing pore spaces, plugging pore throats and 

increasing the viscosity and saturation of the liquid in the pore space, therefore reducing gas 

propagation (Schofield et al.,1997). Use of lecithin in the field resulted in only small 

amounts of gas, produced in the immediate zone where the wellbore was being drilled. 

Additionally, a lower mud weight (10.5 ppg) could be used, minimizing the risk of 

circulation losses.

As well as the safety benefits, the lecithin treatments are economical at around $5,000 per 

well, compared with $50,000 for the additives and rig-time needed to weight the mud up to 

the higher 11.5 ppg. It can also reduce the need to run surface casing early, necessitating an 

additional intermediate casing string at $500,000. Lecithin is also widely used in the food 

industry and is environmentally benign.

On the North Slope, even before the permafrost is reached, shallow gravels are prone to 

washout, causing problems of hole cleaning, extremely over gage holes, subsequent fluid 

losses and difficulty in cementing casing.
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2.5 Existing Hydrate Dissociation Models

Several authors have published analytical and simulation models that model the dissociation 

of various hydrate accumulation types using the different production methods. A brief review 

of some of the works from different periods is given below.

2.5. 1  Holder and Angert (1982)

Holder’s and Angert’s model assumes a hydrate zone above a conventional ffee-gas zone. A 

single well is completed in the free gas reservoir. As the free gas is produced, the resulting 

decrease in pressure causes the hydrate at the hydrate-gas interface to dissociate. Holder and 

Angert calculated that about 10 to 20 kilocalories of energy was needed to dissociate one 

mole of gas from the hydrate. In their model the energy source was the sensible heat within 

the reservoir and the flow of heat via conduction was included in the model. Although the 

first model to be widely published, Holder and Angert noted some limitations: In the gas 

zone, flow is only towards the well in the center. There is no accounting for pressure 

variation with depth in the ffee-gas. Additionally, the water that is produced during the 

dissociation process (six moles for every mole of CH4) does not affect the flow of gas in the 

reservoir. In the model, the hydrate-gas interface recedes towards the surface at a uniform 

rate, which is unlikely to be case in practice.

Despite these limitations, Holder and Angert concluded that production of gas hydrates via 

depressurization of an underlying free gas zone was practical and that the hydrate 

dissociation contributed significantly to gas production.

24



25

2.5.2 McGuire (1982)

After calculating the amount of energy required to dissociate hydrates to be 212 Btu/lb, about

double that of pure water ice, McGuire (1982) asserts that thermal stimulation techniques

would be needed to achieve commercial production rates. Consequently, he developed two

models for different methods of thermal hydrate dissociation: a frontal sweep model and a

fracture flow model. Both models assume there is no free gas zone below or above the 

hydrates.

In the frontal sweep model, steam is injected into a central well and the gas from the hydrate 

dissociation is produced via surrounding production wells. McGuire assumes that there is 

sufficient permeability in the hydrate to allow a flood pattern, which he admits to be unlikely. 

In addition, the gas produced at the dissociation front does not recombine back into hydrate 

as it moves. Acknowledging that there is likely to be much reduced permeability in the 

hydrate, McGuire (1982) also offers a modified scenario, where the injection and production 

wells are linked by fractures. He suggested that this method would be less effective than a 

pattern flood, as not all of the energy of the injection fluid would contribute to the 

dissociation process and some of the injection fluid would still be warm when produced. The 

accuracy of the model is limited due to the complex heat-transfer patterns within the fracture 

flow that may not be represented accurately.



McGuire (1982) also offers a decompression model. A hydrate accumulation, with no free 

gas zones is hydraulically fractured from the wellbore. McGuire (1982) suggests a saturated 

salt fracture, which will melt the ice in the fracture area and prevent water refreezing and 

plugging fracture. The salt crystals in the super-saturated CaBr2 or CaCl2 brine would act as 

the proppant. The one-dimensional model gave successful results and led McGuire to 

conclude that the process was an energy-limited process and as such, gas production is 

largely independent of porosity and hydrate permeability. Large quantities of gas production 

were simulated even from reservoirs with moderate values of formation length, fracture 

length and ice-permeability

2.5.3 Bayles ( 1986).

Sawyer et al. (2000) reported that Bayles (1986) developed a thermal production technique 

based on the ‘huff and puff steam cycles used in heavy oil reservoirs. The three-stage 

process consisted of a steam injection period, a ‘soak’ interval and a production phase, using 

a single wellbore. The model was used to predict the energy efficiency ratio of combustible 

gas produced versus energy of the injected steam. Heat losses to the wellbore and 

surrounding rocks were considered. The rock in the dissociation zone was permeable enough 

to permit constant steam injection and gas production during the relevant periods. The study 

concluded that steam cycling may be a feasible production technique.
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2.5.4 Burshears et al. (1986)

Burshears et al. created a 3-D two-phase gas/water simulator to model dissociation of a 

hydrate zone above a free gas accumulation. Radial flow to a single well in the center of the 

model is assumed. The temperature at any point along the interface is the dissociation 

equilibrium temperature for the pressure prevailing in that area. As pressure varies with 

radial distance from the wellbore, the interface temperatures correspondingly vary. The 

authors also assume that although the rate of dissociation will be greater near the wellbore, 

one average depth is used to calculate the volumes. The hydrate-gas interface also moves 

slowly enough to allow calculations of the temperature profile as if it were stationary. 

Burshears et al. (1986) concluded that depressurization is a feasible method for production of 

hydrates and that an external energy input is not required: the sensible heat of the reservoir 

provides the energy needed for dissociation. Produced water-gas ratios were also modeled 

and not found to be excessive, despite the volumes of water produced during 

depressurization. However, they did caution that in reservoirs at or near 32°F, the dissociated 

water might freeze, blocking flow of gas. For that reason they suggest that the 

depressurization method should only be used in reservoirs deeper than 2,300 ft, where the 

geothermal gradient results in higher ambient reservoir temperatures.

2.5.5 Yousif et al. (1990)

Yousif et al. developed a simulator to model a depressurization dissociation process in a 

sandstone sample. They used the simulator to validate actual laboratory experiments. The
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results of the numerical model matched those of the experimental (Yousif et 1990, 

reported in Sawyer et al., 2000).

2.5 .6 Moridis e t al. (1998)

The EOSHYDR equation of state model is developed for use with the TOUGH2 thermal, 

fluid-flow and heat transfer simulator. The EOSHYDR module is the predecessor to the 

EOSHYDR2 module discussed in detail elsewhere in this report. The Moridis et al. model is 

one of only two able to simulate field-scale, multiphase, methane hydrate dissociation and 

production. It is capable of simulating both depressurization and thermal dissociation 

processes.

Moridis (2002) further developed the simulator to create the EOHYDR2 module and 

published results of hypothetical hydrate production cases, including the depressurization of 

a hydrate accumulation overlying a zone of free gas. Again, results indicated that 

depressurization is a feasible technique, though Moridis suggests that a tandem approach of 

depressurization combined with thermal stimulation may yield the best results.'

2.5 . 7  Ahm adi e t al. (2000)

Ahmadi et al (2000), created a one-dimensional model of the depressurization of hydrate in a 

confined reservoir (no free gas zone). Pressure and temperature distributions, as well as 

conductive heat transfer are calculated, though the release of water is not considered. The
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authors concluded that production of gas from pressure dissociated hydrates was feasible, 

given suitable conditions. The model suggested the gas production was strongly controlled 

by reservoir and well pressures, temperature and permeability. In 2004 Ahmadi et 

described the various moving pressure and temperature fronts and the relationship between 

bottom hole pressure and speed of dissociation.

2.5.8 Masuda et al. ( 1999)

A two-phase, gas-water model based on kinetics was built by Masuda et al. (1999). Heat 

transfer by both conduction and convection was considered within the porous media 

containing hydrate, while heat transfer to the surroundings was convection only. The 

permeability was determined depending on hydrate saturation. The dissociation rate was 

calculated using the Kim-Bishnoi equation (Kim et al. 1987). As with Yousiff al. (1990), 

the results from the numerical model were compared to laboratory experiments from a 1-foot 

long Berea sandstone core and found to be in general agreement.

2.5.9 Swinkels and Drenth (2000)

Swinkels and Drenth describe the proprietary 3-D, three-phase thermal model developed by 

Shell International E&P. Unlike most analytical models developed, it is capable of field-

scale simulations and the authors reported that it incorporates several aspects that are absent

from other simulators:
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i. Well inflow pressure drop and the use of horizontal as well as vertical wells in the 

reservoir.

ii. Heat transfer between the reservoir fluids and the formation

iii. The geothermal gradient at different depths of the reservoir

*v' PVT properties of the reservoir fluids as a function of pressure decline

v. The natural variations and architecture of real-life reservoirs

vi. Reservoir compaction effects

The simulator is based on a Shell in-house hydrocarbon simulator. The reservoir fluids are 

represented by gaseous, hydrate and aqueous phases. The aqueous phases are hydrocarbons 

and water. The energy in the system is incorporated as an extra energy component. The 

simulator can be either a thermal or a depressurization method. The results of the 

simulations highlighted some important findings not apparent in earlier work. Simulation of 

depressurization via a horizontal well indicated that the Joule-Thomson effect is important 

around the wellbore. A possible key consideration was that during dissociation at a free gas- 

hydrate interface, the dissociation rate would slow considerably over time due to cooling at 

the interface. Swinkels and Drenth (2000) assert that field-scale production of hydrates 

would require large numbers of producing wells and water handling facilities, and 

considerable energy input in a thermal dissociation case.
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3 MATHEMATICAL MODELS FOR HYDRATE DISSOCIATION

The section reviews selected mathematical models used to study gas hydrate dissociation and 

production. Included is discussion on the input data model used for the advanced process 

simulator, STARS, the tool used in simulating hydrate dissociation in this work.

3.1 Hydrate Decomposition Kinetics

The underlying equations for describing the dissociation of hydrate are given in detail by 

Mondis et al. (2002) and summarized by Hong and Pooladi-Darvish (2003). The Kim-

Bishnoi model (Kim et al.,1987) is the basis of the calculations, which considers the 

difference in gas fiigacity between equilibrium and gas phase pressures to be the driving

The kinetic rates of gas and water produced and hydrate decomposition are represented as

force.

g s = kdM gAdec[fe- ( 1)

Sw g sN h m (2)
g

(3)
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where,

kd = k° expf  —  
R T j (4)

The decomposition surface area is based on equation from Masuda et al. (1997):

A le c  = < /> S h A HS (5)

The equilibrium pressure is calculated using:

Pe = exP Cl H------
T ) (6)

where a and b are constants. f e is the fugacity of gas at temperature T and equilibrium 

pressure p e. f g is the fugacity of gas at temperature T and pressure pg.

3.2 Flow Equations

The two-phase flow of gas and water, coupled with a change in hydrate saturation is 

represented by:

-V -
/  A
Pi U ID

\  J
+  § m l  + S l  =  — ( < / > P l S , )  at (7)



(/ represents phases with g,w,H representing gas, water and hydrate; D represents direction

r , z )

where,

_ kkrl SO,
(8>

/ represents g,w,H, D represents r, z,

qml is the sink due to production, g t is the source term due to hydrate decomposition and 

is the fluid potential of phase ‘1’, defined as:

= Pi ~YiZ  (9)
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3.3 Permeabilities

There is no published data for relative permeabilities for hydrate zones. Hong and Pooladi- 

Davish (2003) have modified models presented by van Genuchten (1987) and Parker et al. 

(1980), to account for the hydrate phase:

12
' l - ( 10)

K  =
1/2

2m
(11)

- p - k r - i f (12)

where,
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and where P„ = lkPa, m = 0.45, Sw = 0.3, S„r = 0.05, = 0.5 and fc*, -  1.0.

3.4 Energy Balance Equation

The flow of energy in the reservoir during dissociation is represented by: 

v  • (kcV T ) - V  ■ (pgugDhg + p J wDhw)+ qmwhw +  qmghg +QH +Qin

= j t [(\-<f>)pRuR +t(sHpHuH +swPwuw + sgPgug)]

Where D represents r, z, and QH is the heat of hydrate decomposition and is the heat 

flow from the over and under burden.

3.5 STARS Thermal Composition Simulator

STARS (Steam, Thermal, and Advanced Processes Reservoir Simulator) is a three-phase 

multi-component thermal and steam additive simulator, developed by the Computer 

Modeling Group Limited (CMG). It is an off the shelf simulator widely used throughout the 

petroleum industry. Grid systems may be cartesian, cylindrical, or variable depth/variable 

thickness. STARS can be used to model in-situ combustion processes that may be applied for 

the enhanced recovery of heavy oil reservoirs. The chemical and thermodynamic processes 

of different reactions can be entered and simulated. This feature can be adapted to take 

account of the nature of hydrates. Rather than model the exothermic combustion of



hydrocarbons, the kinetics of hydrate dissociation are specified as input. As STARS is

designed for conventional hydrocarbons, some assumptions and simplifications have to be 

made.

3.6 Governing Equations Used in the STARS Model

STARS uses a number of mathematical equations to express all the physical phenomena that 

occur during the production of a hydrocarbon reservoir. The equations are in integral part of 

the modeling software and a user cannot change or alter them. The key equations are 

reproduced in this section simply to outline the calculations that are occurring during 

simulation. Further detail is provided in the current CMG STARS user manual.

There is one conservation equation for each chemical component plus equations to describe 

the phase equilibrium between the different phases. A set of these calculations is computed 

for each grid block, while further equations describe any injection and production wells.

3.6.1 Conservation Equations

All conservation equations are based on control volume (V) within the region of interest. 

That is:

Rate of change of accumulation = net rate of inflow from adjacent region + net rate 

of addition any sources and sinks
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The accumulation term for a flowing component 4i’ is:

(PwS wwi + P»Sox i +  P gSgy t ) +  (/>vA d i ]  (1 7 )

The accumulation term for energy is:

&
v - a p f{ p * s j> i+ p .s .u t +p gs gu i)+<t>v +(i-h)jr] (is)

Where Uj 0’ = w,o,g) is the internal energy as a function of temperature and phase 

composition and p are the fluid phase densities. Ur is energy per rock volume.

3.6.2 Flow Terms

The flow term of a flowing component ‘i’ between two regions is:

P jP » i  + PoK*. + PgVgy. + </>PwDmAwt + <f>pgDg:Ayi + </>poDoiAx, (19)

The flow of energy is represented by:

P J WH W + p 0V0H 0 + PgVgH  g + HAT (20)
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The volumetric flow rates are calculated by:

V .= T
f  krj AO (21)

T is the transmissibility between grid blocks. Dji are the component dispersibilities in the 

three phases. kis the thermal transmissibility as the interface between the two blocks.

3.6.3 Chemical Reaction, Interface Mass Transfer Source/Sink Terms 

The expression for the reaction for component ‘i’ source/sink is:

k = \
(22)

and the reaction source/sink for energy is:

*r

r k Vrk
k= \

(23)

where: 5 ’ki is the product stoichiometric coefficient of component in reaction k. ski is the 

reaction stoichiometric coefficient of component in reaction Hrk is the enthalpy of
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reaction k. rk is the volumetric rate of reaction calculated from a model for reaction 

kinetics.

3.6.4 Heat Loss Source/Sink Terms 

The energy source/sink is calculated by:

nr

^  HLk + HLV + HLC 0 4 )
k= i v ’

where: HLk is the rate of heat transfer to the region of interest through block face number k, 

from the adjacent formation. If calculating heat transfer between the reservoir and 

overburden, the dimensions of the overburden are considered infinite. HLV is the rate of heat 

transfer, calculated from a convective model. HLC represents a constant heat transfer model.

3.6.5 Phase Equilibrium Relationships

Phase mole fractions are related by the equilibrium ratios, also known as K values.

y i = K f°Xi ■ xi =K°*yi

xt =  ■ w,. =  K r x ,  (2 5 )

W:

For three phases, in reality, only two of the K values are independent.
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Phase pressures and saturations are constrained by:

Sw + So + Sg — 1
pw = p o -  pcow(Sw) (26)
pg = po + pcog(sg)

where pcow is the water-oil (hydrate) capillary pressure and pcog is the gas-oil (hydrate) 

capillary pressure.

3.7 Development of STARS for use with Hydrate Dissociation Simulations

STARS is designed primarily for black oil models. To enable the simulation of methane 

hydrate dissociation, adjustments to the input parameters have to be made. For instance, the 

hydrate is modeled as the oil phase. A high viscosity is assigned to the oil phase to 

approximate the solid, immobile characteristic of the hydrates.

As the internal execution of the STARS simulation is essentially a ‘black box’, the effects 

that changes in parameters would have on the overall simulation result could not be 

effectively predicted. For that reason, a trial and error approach was taken for many of the 

inputs, especially the kinetic values. Many adjustments were made and over 300 trial 

simulations were run to produce acceptable data. These simulations ranged from small 1-D 

columns executed in seconds, to 10,000 gridblock, multi-well reservoirs, taking several days 

to run. Reproductions of simulations carried out by other authors were attempted to see if the



outputs for the different models were in broad agreement. The values that were finally used 

are given below.

3.7.1 Dissociation Reaction

The dissociation reaction within STARS was summarized using the keyword:

** Reaction 1: 1 HYDRATE — > 5.75 WATER + 1 CH4

As noted in section 3.5, the hydrate is modeled as the oil phase, with a viscosity of 1000 

centipoise, in order to emulate an immobile phase.

As the reaction is endothermic, the enthalpy is input as a negative (in J/gmol) using STARS 

keyword:

*RENTH -51857.9364 

The keyword to describe activation energy used (J/gmol) is:
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*EACT 150218.3525
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The term:

kd = k° exp
RT (27)

is approximated using the RXEQFOR keyword. The keyword represents a correlation of the 

equilibrium value k, which is dependent on temperature and pressure:

K p J )  =
rxkl

+ rxkl x p  + rxkl x EXP rxk4 
T -  rxk5 (28)

‘rxk l’ -  First Coefficient in the correlation for K value (kPa), ‘rxk2’ is the Second 

Coefficient in the correlation for K value (1/kPa), ‘rxk3’ the Third Coefficient in the 

correlation for K value. ‘rxk4’ is the Fourth Coefficient, which has the temperature 

difference. It has the same values for the temperature scales C and K. ‘rxk5’ is the Fifth 

Coefficient. In this case it is used to convert °C to K. The values used are listed in Table 3.1.

Table 3.1: Values Used in STARS Keyword RXEQFOR

Coefficient rxkl rxk2 rxk3 rxk4 rxk5
Value

----- -----------------
4.16949E+16
-

0 0 -8315.4 -273.15



3.7.2 Relative Permeabilities

As stated in section 3.3, relative permeability calculations for hydrates have not been

published to date. The values used in the model are calculated using equations presented by

Hong-Davish (2003). The Relative permeability charts are presented in Figure 3.1 and Figure 

3.2.
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Figure 3.1: Relative Hydrate/Gas Permeabilities

(After Hong-Davish, 2003)



44

Water Saturation

Figure 3.2: Relative Water/Hydrate Permeabilities

(After Hong-Davish, 2003)

4 SIMULATION EXPERIMENTS

4.1 Location of a Potential Pilot Project

Located between the giant Prudhoe Bay and Kuparuk fields (Figure 4.1), the Milne Point 

Unit Development began production in 1982. It has overall recoverable reserves of about 200 

million barrels of oil, much of it in the Kuparuk Formation. Recently work has begun to 

recover some of the viscous oil reserves accumulated in the Sagavanirktok formation.



45

Figure 4.1: Location of the Milne Point Unit

The development drilling program has been carried out from a series of gravel pads (Figure

4.2), similar to other contemporary North Slope developments. Produced fluids are gathered 

at manifolds at each pad and sent to a central processing unit, where separation occurs. The 

produced oil is sent via a dedicated pipeline to the main Kuparuk export pipeline and travels 

on to Pump Station #1 of the Trans Alaska Pipeline System (TAPS). Produced water and gas 

are returned to the production pads for injection and gas lift purposes. Almost all the 

producing wells employ some method of artificial lift. Electrical Submersible Pumps (ESPs) 

are used for a large number of wells, with hydraulic jet-pumps also employed.
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Figure 4.2: Milne Point Development Pads

It is from one of these pads that any hydrate production wells would be drilled, to eliminate 

the cost of building a new gravel pad and simultaneously, minimizing environmental impact 

of the project.



4.2 Characterization of the Reservoir

At present, a full, detailed reservoir characterization does not exist. Work has been 

conducted by others to analyze existing well logs. Collett (1993) outlined the basic geologic 

characteristic of the formations (see section 2.3.3).

In the absence of other data, a broadly representative simulation has to be developed to 

capture the key parameters.

It can be seen from Figure 4.3 that onshore, the major faults compartmentalize the reservoir 

into blocks approximately 1 mile wide (1600 m) and 4 miles long (6437 m).
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Figure 4.3: Major Fault Lines in the Milne Point Unit

(Modified from Hagbo, 2003)



Hagbo (2003) has estimated the hydrate unit thickness at a number of well points, using well 

logs. Figure 4.4 shows that over a distance of approximately 6 miles, between WSAK-25 and 

MPD-1 the thickness of C unit thins from 15.2 to 3.0 meters. This corresponds to a rate of 

0.126 cm for every meter. Taking this information and considering the values provided by 

Collett in Table 2.3 indicating an average thickness of the C unit to be 15 m, the SW portion 

of the simulation block will start at a thickness of 20 meters, uniformly thinning to reach a 

thickness of 10 meters at the NE extremity. A value of 10 meters for the thinnest section was 

chosen to allow a manageable reservoir thickness in the model.
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Figure 4.4: Location of Logs for Formation Thickness Calculation



Across the North Slope, the formation dip is between 1° and 2° to the northeast. The 

orientation of the Barrow arch means that the dip values will increase in an easterly direction, 

and so a value of 2° was chosen for the model.

In the absence of any other data at present, the reservoir is assumed homogenous throughout, 

although unlikely in reality. Porosities in the Sagavanirktok formation vary between 36 and 

42 percent. A value of 36% is used. The absolute permeability in the base case is set at 300 

mD (Collett, personal communication).

Collett et al. (1993) analyzed various North Slope well logs used these to calculate a 

geothermal gradient for points across the North Slope. Included in the Collett et al. study is 

the Milne Point-1 well, located within the Milne Point Unit. The MP-01 well exhibits a 

geothermal gradient of 2.16 °C/100 m in the permafrost area and 4.10 °C/100 m below the 

base of the permafrost. The base of the permafrost at this location is calculated to be 500 m 

and the average surface temperature o f -11 °C. Using this data and the hydrostatic gradient 

of Lachenbruch and Marshale (1969) given in section 2.3.1, the lowest depths that hydrate 

present in the locality can be assumed to be approximately 760 meters, as illustrated in 

Figure 2.5. This depth was chosen for the gas-hydrate interface.

At 760 meters depth, the temperature is calculated to be 10.66 °C and the pressure 7461.2 

kPa. Elsewhere in the reservoir, the pressures and temperatures vary according to the 

respective gradient. At the highest point in the reservoir, the pressure is 5792.2 kPa and the
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temperature is 0.7 °C. The deepest reservoir section has a pressure of 8050.2 kPa and a 

temperature of 13.5 °C.

A water saturation of 20% was chosen throughout the reservoir. Hydrate saturation in the 

initial hydrate zone is 70%, zero elsewhere. The hydrate zone has a 10% methane gas 

saturation, while in the free gas zone there is a gas saturation of 80%. As the dissociation of 

hydrates is the principal focus of the simulation, three-quarters of the grid volume are 

occupied with hydrates, the remaining being free-gas.

4.2.1.1 Production Scenario

The older fields on the North Slope are classified as mature. Production is declining and the 

relative percentages of gas and water produced for each barrel of oil is ever increasing. Fields 

such as Milne Point and Prudhoe Bay are facility constrained by the overall volumes of gas 

and water that need to be separated from the crude oil and re-injected into the reservoirs.

Although the hydrate drilling program may take place within the Milne Point unit, the 

produced gas will be piped to the nearest Prudhoe Bay Unit Gathering Center. The reason 

for this is two-fold: Milne Point is a medium-size field, and has a gas processing capacity of 

around 35 million cubic feet per day. This is currently fully utilized handing the gas 

separated from the produced fluids. Additional gas volumes would greatly impact the field 

production rates. The PBU gas handling system is several orders of magnitude bigger, with 

capacity of around eight billion cubic feet per day. Although PBU is also gas-constrained, the
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percentage impact of the hydrate gas, in the context of 8 bcf per day, is less than at Milne 

Point. In addition, current development scenarios, Prudhoe Bay would be the first field to 

begin large-scale gas sales and exports, to which the produced gas from the hydrate project 

could be commingled.

As stated in section 4.1, the development wells would be drilled from existing pads. 

Depending on the pad used, extended reach drilling may have to be employed. Figure 4.5 

illustrates that the free gas zones lie some distance from the existing Milne Point pads.
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Figure 4.5: Location of Free Gas Zone w.r.t. K Pad

(Modified from Collett, 1993)



Assuming the Unit ‘C’ hydrate zone is targeted, the free gas zone lies between 

approximately 3 and 6 miles from ‘K’ pad. To minimize cost, multilateral wells could be 

utilized where well targets are located in near proximity to each other.

At the well pad, the gas would be piped to a manifold, with a mass flow meter and sample 

point on each line. From the manifold a 24” pipeline would transport the gas to Gathering 

Center 2 (GC2) in the Prudhoe Bay Complex. The inlet pressure at GC2 is approximately 

300 psig (2468 kPa). At this location, the gas would be commingled with the PBU natural 

gas and transported by existing pipelines to the Central Gas Facility (CGF) and Central 

Compression Plant (CCP).

With the advent of an Alaska gas pipeline, gas would be diverted from the central gas facility 

and further processed to bring it to market specifications and then compressed before 

transmission through a large-diameter, long-distance pipeline to connect with the existing 

North American distribution system.

Until an Alaska gas pipeline is commissioned, a small amount of gas is used for fuel 

purposes and the remainder piped at high pressure to the Prudhoe well sites for reservoir 

pressure support and gas-lift purposes. It would be possible to conduct the hydrate pilot 

production test before the commissioning of the Alaska gas pipeline. However, there would 

be no revenue to offset the costs of producing gas from hydrates and there would be 

additional backout of existing oil production. Such costs could possible be borne if it was
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desired to prove the feasibility of production from hydrates on the North Slope of Alaska 

before the commencement of gas commercialization. In such a case, the duration of the pilot 

production is likely to be curtailed.

The use of the Prudhoe Bay facilities, the processing of the gas and any transport through the 

Alaska gas pipeline would be subject to tariffs.

4.3 Construction of the Modeling Grid and Initialization of the Simulator

4.3.1 Reservoir Grid

Previous modeling experience has shown that for hydrate modeling, with an increase in size, 

there is an exponential increase in run time. Considering this constraint with the need to 

construct a grid for a field-scale simulation, a grid block size of 50 meters by 50 meters was 

chosen. The thickness of the blocks varied depending on the overall thickness of the 

formation, ranging from 1 meter in the thickest portion of the reservoir and uniformly 

decreasing to 0.156 meters in the thinnest part of the reservoir.

Using the dimensions selected in section 4.2, a grid of 128 blocks in the T  direction, 32 in 

the T  direction and 20 in the ‘K’ direction is used: 81,920 blocks in total.

To create the dip, simple trigonometry was used to calculate the depth that each block should 

be at to give an overall angle of 2°. The reference depth was the hydrate-free-gas interface at 

760 meters depth. Moving in the ‘I’ direction, the top of an uppermost layer (K=l) had
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0.0787 meters of displacement from its neighbor. The highest part of the reservoir is at 590 

meters depth and the lowest at 820 meters.

4.3.2 Temperature and Pressure

If it is assumed that the un-dissociated hydrate is impermeable, the variation in depth of the 

reservoir implies that the pressures and temperatures within the formation will vary. As the 

depth to the top of the gridblocks varies in the T  direction and the thickness of each grid 

block vanes, the individual depth of each block was calculated using an excel spreadsheet 

and assigned into groups corresponding to a 10 meter interval. The corresponding pressure 

and temperature for each interval was determined and the value entered for each grid block. 

An illustration of the completed reservoir block and the assigned pressures is shown in 

Figure 4.6 (note, the dip angle is greatly exaggerated in the figure). The distribution of 

temperature variation is identical.
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Thesis Base Case

Figure 4.6: Simulation Grid, Showing Pressure Distribution

4.3.3 Thermal Properties

The rock thermal properties are based on default values suggested for fluid flow modeling 

using STARS (STARS User Manual 2002).

The rock surrounding the reservoir also has thermal properties entered and is assigned a

temperature. The thermal properties of the rock surrounding the reservoir were also entered,

and a temperature is assigned to the overburden. Although there is a temperature gradient in

the surrounding rocks, only one value can be entered and so a constant temperature of 11 °C 

is used.



The reservoir fluids are also assigned thermal properties. These and the rock thermal 

properties are summarized in Table 4.1.
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Table 4.1: Component Thermal Properties

Component Value Unit
Reservoir Rock Heat Capacity 2.347E+06 J/m3-C
Reservoir Rock Conductivity 1.496E+05 J/m-day-C
Water Conductivity 5.35E+04 J/m-day-C
Hydrate Conductivity 1.653E+06 J/m-day-C
Gas Conductivity 7400 J/m-day-C
Surrounding Rock Heat Capacity 2.347E+06 J/m3-C
Surrounding Rock Conductivity 1.496E+05 J/m-day-C
Surrounding Rock Temperature 11 °C

4.3.4 Production Wells

The number and location of wells is varied with the different simulations. The initial base 

case run has two wells equally spaced along the strike of the hydrate-gas interface, perforated 

almost the entire depth of the reservoir. The initial maximum flow rate used is 707,921 

m3/day (25 mmscfd) with a minimum bottom hole pressure (BHP) of 2068 kPa (~ 300 psi). 

The BHP is based on the minimum pressure required for the gas to flow through the 24” 

pipeline to the separation plant at GC2 and the required inlet pressure at GC2.



4.3.5 Model Symmetry and Simplification

Initial test simulations indicated that an 80,000+ grid block model would impose too great a 

demand on the available computing power (a desktop PC with a Intel® Pentium® 4 processor, 

1 GB RAM, running the Windows® XP operating system). The simulation ran, but the time 

for execution was projected to be at least one week. This would pose too much a delay on the 

project schedule. Recognizing the symmetry of the system, it was decided to simulate half 

the fault block, i.e. split the block vertically down the middle (see Figure 4.7).

Thesis Base Case
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Figure 4.7: Symmetrically Reduced Reservoir Grid



The block dimensions are the same as the original grid, as are the number of blocks in the ‘I’ 

and ‘K’ directions. The T  direction has 16 blocks compared with the original of 32. The 

total number of grid blocks is then reduced to 40,960. Although half the number of total grid 

blocks of the original, the simulation speed is significantly less than half, at around 24 hours.

The resulting production profile volumes output from the simulations are subsequently 

doubled, thereby giving a representation of the production potential for the whole fault block.

4.3.6 Stock Tank Volumes Initially in Place

At time zero of the simulation, the block contains over 30 billion cubic feet of free gas,

measured at surface conditions, and 671 million cubic feet of un-dissociated hydrate (Table

4.2).
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Table 4.2: Initial Volumes in Place

Moles Cubic Meters Cubic Feet
Free Gas in Free Gas Zone 59.2 billion 1.4 billion 50 billion

Free Gas in Hydrate Zone 18.2 billion 432 million 15.2 billion

Hydrate (undissociated) 292.4 billion 28 million 671 million

Water in Free Gas Zone M 08 billion 1.94 million 1.3 billion

Water in Hydrate Zone 602 billion 10.8 million 382 million



One mole of hydrate will dissociate into 1 mole of methane gas and 5.6 moles of gas. 

Complete dissociation of the hydrate would produce 7 billion cubic meters (246.5 billion 

cubic feet) of gas at surface conditions. Total gas potential of the block, including free gas 

and gas from dissociation is approximately 8.8 billion cubic meters (312 billion cubic feet).

4.4 Reservoir Modeling Runs

The first run conducted was the base case run, using the parameters given in section 4.3. In 

deciding what other scenarios to simulate, a number of limitations had to be imposed in the 

model: changing the kinetic properties of the hydrate dissocation was not feasible; a 

limitation of time. Even with the reduced grid, simulations runs were in excess of 24 hours; 

consideration of only preliminary reservoir characterization and development plans.

With these considerations, simulation runs were carried out by varying the number and 

location of wells, flow rates, reservoir absolute permeability and hydrate saturation. To keep 

the number of cases manageable, two well rates and two permeabilities were used.

4.5 Economic Modeling

A spreadsheet-based economic model was developed to perform the economic analysis of the 

pilot project. It is a discounted, net present value (NPV) cashflow model with accounting on 

a year-to-year basis. It incorporates reserves movements and depreciation of assets to allow 

for accurate calculation of corporate taxes. The model was designed specifically for an 

Alaskan Gas project. The concepts used are based on experience of techniques used within a
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large commercial oil company. There has been no large-scale production and 

commercialization of natural gas from the Alaskan North Slope, a detailed fiscal regime has 

not been developed for gas production. Consequently, the State taxation principles for the 

Cook Inlet gas production have been used where items are gas-specific, such as production 

taxes, rather than for general hydrocarbons (for example, royalties).

The model consists of two data input areas that feed into a profit and loss account. The first 

data entry section is for the economic environment’. This area allows the user to input prime 

variables such as gas sales price, transportation tariffs, taxation and production charges and 

calorific conversions. The project data input section is where the production profile, capital 

and operating expenditure, royalty rates, tax credits as well as reserves booking is entered. 

There is the option to add sensitivities to the main input parameters, to allow for ease of 

sensitivity analysis. All inputs flow through to the cash flow and balance sheet section of the 

model.

Based on the final cash flow, a number of investment indicators are displayed: discounted 

cash flow, rate of return, capital efficiency and payback period.

Although a hydrate production scenario would consist of a commingled stream of both gas 

from dissociated hydrates and the produced free-gas, there is only one gas production profile 

entered into the model.

60



4.5.1 Development of the Economic Model

In order to produce an outline of a profit and loss account and a cash-flow account, the

following steps are necessary (summarized in Figure 4.8):

i. Turnover for a year is the annual gas production volumes multiplied by the gas sales 

price

ii. Subtraction of the value of the royalty gas (net of transportation and processing 

costs).

iii. Deduction of severance tax and other production taxes: the rate of severance tax is

governed by an ‘Economic Limit Factor’ or ELF and is calculated based on the

productivity of the wells in a field. The use of an ELF means that less economic

wells are not taxed as heavily as wells that are more profitable. The ELF varies field-

by-field and over time. An ELF is computed within the model and averaged over all 

the wells in the field.

iv. Ad-valorem tax is levied by the North Slope Borough and is a property tax on 

tangible assets. The tangible asset base is depreciated each year based on the number 

of years that the asset will remain in service. The actual rate is set by the Borough.
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v. Any additional production costs, such as the conservation levy, are deducted.
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vi. Lifting costs, i.e. the daily operating costs directly attributed to producing the gas, are 

deducted from the cash flow. The different costs relating to either production wells or 

facilities are identified separately.

vii. Further costs are deducted for transportation, any third-party processing costs, and 

any geology and geophysics costs.

viii. The sum of the total deductions results in the total cash costs.

ix. Depletion, depreciation and amortization costs (DD&A), the abandonment cost

accumulation and any write downs that are classed as non-cash operating costs. DDA 

amortizes the assets that are on the project accounting books. Assets relating to the 

wells and assets relating to the facilities are accounted for separately. The 

depreciation schedule is on a unit of production basis: the rate is calculated from the 

percentage of the remaining proved, developed reserves that have been produced

during that year. Accounting deductions are also made for the final abandonment

charge of the field, again, calculated on a unit of production basis.

x. For the purposes of economic evaluation, any midstream benefits are added back into 

profit and loss. Midstream benefits relate to any benefit an owner of an upstream 

project may have through ownership of pipeline assets downstream. For instance, the



tariff levied for transportation through a pipeline will usually include an element of 

profit for the owners. If an upstream owner also has an interest in the downstream 

operations, it effectively receives a rebate of some of the transportation tariffs.

The total turnover, less cash costs and non-cash costs, plus any midstream benefits 

equals the Replacement Cost Operating Profit (RCOP).

Alaska Unitary Tax (AUT) and Federal Corporation Tax is levied on the RCOP

The Replacement Cost Net Income is the RCOP less State and Federal Taxes.

The calculation of Alaska Unitary Tax is complicated because it takes into account 

the amount of profits that a corporation earns in Alaska compared to the profitability 

of the corporation s activities outside Alaska. It is designed to prevent companies 

avoiding State tax via manipulation of transfer prices. Because the ratios of 

profitability vary each year, an average rate, as used by the State Budgetary Planning 

Department has been taken as representative.

The calculation of Federal Corporation tax has two possible account treatments. 

‘Current’ or ‘Deferred’. ‘Current’ tax accounting takes the RCOP, deducts any AUT 

paid and levies the Federal Tax rate on that amount.



xvi. Deferred Tax accounting takes the after cost cash flow rather than using the Unit of 

Production amortization as the basic of tax deductions, applies various schedules 

against the assets. There are two depreciation schedules, one for Intangible Drilling 

Capital (IDC) expenditure, which allows an aggressive first year amortization of 70% 

with the remaining 30% expended over the following five years. All other assets, 

which are classed as tangible capital expenditure, have a less generous schedule over 

eight years. Either method of calculation, ‘Current’ or ‘Deferred’ results in the same 

total amount of corporate tax being paid, though the timing is different.

xvii. For the actual calculation of tax paid in cash to the federal government, the ‘Deferred’ 

method is used.

xviii. The after-tax cash flow from operations is calculated by taking the Gross Turnover, 

less cash operating costs, less any abandonment payments (usually in the last year) 

less the state and federal taxes.

xix. Any capital expenditure is deducted from the cash flow from operations in the year it 

is spent. The resulting amount is the final after tax project cash flow.

Project economics are based on a discounted cash flow from the project sanction year

forward. To calculate the discounted cash flow, a discount factor is calculated by taking:
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 1 _____________________

(l + discount rate) ( -̂9)

In the first year and

previous^ year discount rate 
(l + discount rate)

in subsequent years.

Because of mid-year accounting, the first year discount rate will be half the actual rate.

The relevant discount factor is applied to each years post-tax cash flow and the sum of the 

products is the Net Present Value (NPV), which takes into account the time value of money.

The discounted capital expenditure is similarly calculated and the ratio of discounted capital 

expenditure to discounted cash flow is calculated to determine the capital efficiency of the 

project.

4.5.2 Economic Indicators

In normal circumstances, investors wish to make a return on their investment. Both 

individuals and corporations normally have a choice of competing projects in which to invest



their funds. In order to help choose between them, examination of economic indicators may 

be useful. No one indicator can give complete assessment of a project, so a number of them 

are usually used. Some key indicators are mentioned at the end of section 4.5.1 - Net Present 

Value, Rate of Return, Capital Efficiency and Payback years.

Net Present Value (NPV) is perhaps the most important indicator. It indicates the value of a 

project from a time forward of a chosen point - whether it will be profitable or not. To enable 

this, the cash flows are discounted -  in effect asserting that money received in the future is 

worth less than money in the present. This is normally true, because inflation erodes the 

value of money, plus there is the opportunity cost of money - money received today can be 

invested and start generating investment returns, as opposed to a sum received in the future. 

The discount rate takes into account these factors and the value used for the discount rate is 

based on predictions of inflation and opportunity costs. Corporations also include the cost of 

capital, which is the amount it costs to generate equity, either from stockholders, who require 

a dividend, or from raising debt.

The NPV gives an indication of profitability, but it is useful to have other information. For 

instance, a project with a small positive NPV may require a disproportional amount of capital 

invested over the life of the project. The capital efficiency is a usefully indicator in this case. 

Sometimes known as the ‘bang for your buck’, it measures how many dollars of profit 

received for every dollar invested, by dividing the NPV of the project by the present value of
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the capital expenditure. A Capital efficiency of 1 means that for every dollar invested, 1 

dollar is received in profit.

The Rate of Return (RoR) indicates what discount rate would be required to reduce the NPV 

to zero. The RoR indicates how robust the project is, i.e. how much risk it can withstand 

before the rate of return is reduced below a level acceptable to the investor.

The payback time shows the period taken to accumulate net revenues equal to the original 

investment. It does not indicate any level of profitability, but can be useful during the 

ranking of investment opportunities.
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Figure 4.8: Illustration of Cash Accounting Method



4.6 Initialization of the Economic Model

The economic model features two different areas for user input data. The ‘project input area’ 

is where data specific to an individual such the production profile, capital expenditure, 

operating costs and royalty is entered. The ‘economic environment’ section contains data that 

is applicable to all projects in that region and point in time, for instance: gas price, 

transportation costs, corporation taxes and tax depreciation schedules. Table 4.3 summarizes 

the inputs used for the base case evaluations
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Table 4.3: Input Data used for Economic Evaluation

Component Value
Capital Expenditure See Section 4.6.1
Operating Cost $1 million fixed + $0.15 per mscf
State Royalty 20%

Economic Environment Value
Gas Price $4.0 per mscf
Main Alaska Gas Export Line Tariff $2.40 per mmbtu
North Slope Gas Processing Fee $0.20 per mmbtu
North Slope Local Transportation Tariff $0.10 per mmbtu
Ad Valorem Tax Rate 2%
Severance Tax $0.64/mcf
AOGCC Conservation Tax ro.004 per 100mscf
Alaska Unitary Tax Rate 5%
Corporation Tax Rate 35%
Drilling Abandonment Capex Factor 6% ~
Facilities Abandonment Capex Factor 10%
BOE Conversion Factor 5.8 mscf/bbl
Gas Heating Value 1.053 mbtu/scf
Cost of Capital (Discount Rate) 9%
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Current spot market gas prices (gas for immediate delivery) are in the region of $4.35 per 

thousand cubic feet. The Energy Information Administration (EIA) expects near-term 

demand to remain flat, and then start increasing, with the demand offset by increased gas 

production through well drilling. Subsequently, gas prices are not expected to be less than 

$4.00/mscf in the medium to long-term, though could possibly rise.

Most taxation rates are based on values published by the respective levying agency. The 

Alaska Unitary Tax will vary from company to company and year to year. This analysis uses 

the upper rate for AUT that is used by the State for budgetary forecasts.

The operating cost covers items such as maintenance of the wells, well pad and flow lines, 

necessary well testing and sampling costs. The variable operating cost includes a fixed cost 

of $lmm, irrespective of production levels. Prudhoe Bay has a target oil lifting cost of $2.00 

per barrel of oil. Converting into gas volumes (5.8 mscf of gas is equivalent to 1 barrel of oil) 

and deducting the cost of gas processing, which is accounted for elsewhere, a variable 

operating cost of $0.15 per mscf is used for this study.

After delivery to the PBU gathering center, the gas is processed by the PBU facilities and 

transported to the main gas facilities for further processing. The fee payable in the economic 

evaluation is based on amounts charged for 3rd Party gas processing and transport at other 

locations around the world. The Alaska Gas Export Line Tariff of $2.40/mmbtu is the figure



estimated by ConocoPhillips during lobbying for tax credits for the construction of the line, 

as reported by the Dow Jones News Wire on March 13 2003.

The drilling and facilities abandonment factors are a simple way of estimating the cost of 

removing the facilities and remediation of the location. A certain percentage of the original 

capital expenditure is assumed to be the abandonment cost.

4.6.1 Capital Expenditure

The remote location of the North Slope means that the cost of items is always greater than is 

found in the contiguous United States. The capital expenditure figures for the multilateral 

well and the pipeline are based on data provided by BP Exploration (Alaska) Inc., and are 

classed as VROM estimates -  very rough order of magnitude, which can vary by 40% in 

either direction. The cost of an extended reach drilling (ERD) well takes into account 

indicative values that have been published. The capital spending is summarized in Table 4.4.

71

Table 4.4: Capital Costs

Item Cost
Multilateral Well $2mm for trunk and $500,000 per lateral

Extended Reach Well/Horizontal Well $270 per foot drilled

24” Pipeline $750,000 per mile



The Joint Association Survey, published by the American Petroleum Institute, lists historical

drilling costs for Prudhoe Bay wells. The average drilling and completion cost at PBU was 

$270 per foot.

The cost for horizontal and extended reach is calculated on a case-by-case basis, multiplying 

the $270 per foot cost by the total drilled length of the well. In section 4.2.1.1 it was assumed 

that the distance of the hydrate-gas interface in the K pad vicinity varied between 3 miles to 6 

miles. With the interface at a depth of 2,494 ft, the total length of an ERD well can be 

calculated, assuming a direct diagonal path. The corresponding costs for different well 

lengths are given in Table 4.5.

Table 4.5: ERD Drilling Costs

Distance to Target (miles) Total Length (ft) Total Cost @ $270/ft
3.0 16,035 $4.4 million
3.5 18,648 $5.0 million
4.0 21,227 $5.7 million
4.5 23,891 $6.5 million
5.0 26,518 $7.2 million
5.5 29,147 $7.9 million
6.0 31,778 $8.6 million

Horizontal wells use above costs for step out, plus additional length for horizontal section

In the evaluation, it is assumed that the first well drilled has the shortest length, with 

subsequent wells increasing in distance.

Because the gas processing is carried out by a third party, facility costs are not included.



Different development scenarios will have different capital expenditures, depending on the 

number and type of wells.

The phasing of the capital expenditure assumes a two-year construction period. The pipeline 

would be built during the winters, the only time access on to the frozen tundra is permitted. 

Drilling schedules would allow completion of at least two extended reach wells during the 

winter drilling season. It is assumed that gas production would begin three years after the 

sanction of the project, which allows one year for planning and permitting. The cost of such 

activities is not individually accounted for in this analysis and is included in the main capital 

costs. Subsequently there would be two years for construction.

73



5.1 Production Modeling

Note, although the input and output data for the simulations is given in metric units, for the 

discussion in section 5.1 values have been converted to field units in many cases, as the 

reader is more likely to be familiar with such units.

5.1.1 Two Wells

A number of simulations were completed that used two wells in the fault block (a single well 

in the simulation). Two wells were placed immediately adjacent to the hydrate-gas interface, 

equally spaced along the grid block. In the split reservoir simulation, only one well was 

modeled, and the output doubled to represent the grid block (refer to section 4.3.5).

5.1.1.1 300 mD, 25 mmscfd max Flow Rate (Base Case)

The base case run used the values given in section 4.3. An absolute permeability of 300 mD 

was assigned to the reservoir rock and each well had a maximum flow rate of 25 mmscfd 

(707921 m3/d) resulting in an overall peak production rate of 50 mmscfd. The time of the 

simulation was 15 years, with reporting every two months.

5 RESULTS

Figure 5.1 shows the gas production profile output from the simulation.
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time (days)

Figure 5.1: Production Rate - Base Case

The production remains on plateau at a rate of 50 mmscfd for over three years. The main 

contributor during the plateau is likely to be the free gas and when this is depleted, the rate 

quickly diminishes. After the initial rapid decline from the plateau rate, the production rate 

declines more gradually, as the dissociation of the hydrate supports production. Cumulative 

production after 15 years was 161.5 billion cubic feet (bcf). Cumulative rates are summarized 

in section 5.1.5.

Moridis and Collett (2003), discussing a simulation of a reservoir of similar dimension to the 

one being modeled in this study (although with different properties), suggested that the large 

quantities of water produced during hydrate dissociation will drain to the bottom of the



reservoir and as such, quantities of produced water will be low. Figure 5.2, showing the 

produced water profde, appears to indicate that this is the case. The low water production 

also benefits from the fact that liquid water occupies a smaller volume than ice.
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Produced Water Daily Rate

Time (days)

Figure 5.2: Produced Water - Base Case

To understand the processes that are occurring during the hydrate dissociation, it is helpful to 

examine some illustrations of the simulation reservoir block, illustrating different properties 

at different times of the simulation.



Note -  for clarity the grid block lines have been removed. The dip angle is greatly 

exaggerated (by a factor o f 13). To enable individual zones to be identified, the color scale, 

indicating property values is adjusted for different periods.

Within STARS, the hydrates are modeled as the oil phase, so examination of the oil 

saturations allows tracking of the hydrate dissociation within the simulation. At the 

beginning of the simulation, the un-dissociated hydrates can be seen as a 0.7 oil saturation 

above the free-gas zone seen here as zero oil saturation (Figure 5.3).

15 yr, 25mmscfd max 
   Oil Saturation 2005-01-01 ____________

iFile: 300mD_15yr jrf 
User: Stephen Howe 
Date: 2004-03-05
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ZfX: 13.00:1

Figure 5.3: Hydrate Saturation - Base Case - 2005/01/01
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No dissociation is observed for almost seven months, until the first signs are noticed at the 

upper face of the reservoir (Figure 5.4). Contrary to expectations, rather than a uniform 

dissociation front moving through the hydrate, this ‘fingering’ is observed. Within the 

simulation, this can be explained a source of heat energy being available from the 

surrounding reservoir rocks. As discussed in section 4.3.3, while the concept is correct, the 

energy available will tend to be overstated in the model because of the uniform temperature 

applied to the surrounding rock.

15 yr, 25mmscfd max

Figure 5.4: Hydrate Saturation - Base Case - 2005/06/30



This dissociation at the reservoir upper face continues during the 1st year of production. At 

the upper face near the well, the hydrate becomes significantly depleted (Figure 5.5).
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Figure 5.5: Hydrate Saturation - Base Case - 2005/12/27

After three years of production, the advance of the upper dissociation layer is significant. An 

additional dissociation finger has formed at the lower face of the reservoir (Figure 5.6).

Figure 5.6: Hydrate Saturation - Base Case - 2008/02/15



After eight years, although the upper finger has advanced, the main front has also begun to 

move up the reservoir (Figure 5.7).
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Figure 5.7: Hydrate Saturation - Base Case - 2010/02/04

Figure 5.8: Hydrate Saturation - Base Case - 2010/02/04 - Plan View



A plan view of the reservoir illustrates that the dissociation fronts accelerate at the sides of 

the reservoir, again due to thermal energy from the surrounding rocks (Figure 5.8). However, 

it must be remembered that this simulation is only one half of the fault block. In reality, one 

side of the grid will be adjacent to the other half of the reservoir and so unable to gain 

energy. It is felt that this error, though relevant, is unlikely to have a significant impact on the 

simulation, due to the small ratio of reservoir thickness to length and width. The overall area 

of the sides is small in relation to other sections.

Within the reservoir, it is noted that the dissociation does not exhibit a sharp, definitive front 

of un-dissociated hydrate and free gas. Figure 5.9 shows an intermediate zone extending up 

to 1 km between areas of un-dissociated hydrate and hydrate-free areas.

81

Figure 5.9: Hydrate Saturation - Base Case - 2011/01/30 - Cross Section



After almost 8 years, approximately half the hydrates have dissociated to some extent (Figure 

5.10). Towards the end of the simulation, virtually all the hydrates have begun to dissociate 

(Figure 5.11), and after 15 years, all areas of the reservoir exhibit dissociation (Figure 5.12).
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Figure 5.10: Hydrate Saturation - Base Case - 2013/11/15



Figure 5.12: Hydrate Saturation - Base Case 2020/01/02



As described in section 5.1.1, the large volumes of water that are produced as a result of 

hydrate dissociation are not seen at the well. Morridis and Collett (2003) suggest that it 

settles in the lowest portion of the reservoir.

At the beginning of the simulation, the water saturation is considered constant both in the 

hydrate and in the free-gas zones at 20% (Figure 5.13).
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Figure 5.13: Water Saturation - Base Case 2005/01/01



After only 5 months of production, the ‘advance fingers’ areas in which the hydrates have 

begun to dissociate begin to increase water saturation (Figure 5.14).
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Figure 5.14: Water Saturation ■ Base Case -  2005/05/01

Within 3 years of production, substantial water begins to accumulate at the base of the

reservoir (Figure 5.15). The water has not begun to move to the lowest depression, but it

must be recalled that the reservoir is only very gently sloping and so gravity will not have a

large effect figure 5.16 shows the accumulation of water at the base of the reservoir in cross 

section



Figure 5.15: Water Saturation - Base Case -  2008/02/15

Figure 5.16: Water Saturation -  Base Case 2008/02/15 -  Cross Section



As dissociation continues the volume of water increases and water is seen accumulating 

towards the lower section of the reservoir (Figure 5.17, Figure 5.18 and Figure 5.19). 

However, it does not move into the ffee-gas zone. An explanation for this is found by 

considering the ambient temperature of certain zones. Near the wellbore, the temperature is 

at or near freezing (a discussion on reservoir temperature follows). Under these conditions, 

the water will freeze, or at least become slush, limiting its mobility and forming a barrier to 

flow further down the reservoir.
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Figure 5.17: Water Saturation -  Base Case 2010/12/01



Figure 5.18: Water Saturation -  Base Case 2016/01/04

Figure 5.19: Water Saturation -  Base Case 2020/01/02



As described in section 4.3.2, the initial temperature in the reservoir is stratified because of 

the effects of the geothermal gradient (Figure 5.20).
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Figure 5.20: Temperature - Base Case - 2005/01/01

Within 1 year of production, the temperature of the lower half of the reservoir has begun to 

cool due to the Joule-Thomson effect of the gas expansion in the ffee-gas zone and the 

beginning of hydrate dissociation (Figure 5.21).

Figure 5.21: Temperature - Base Case - 2005/12/27



At the end of three years, the temperature in the main area of hydrate dissociation has 

reduced to, or near to, zero degrees Celsius (Figure 5.22). It is at this point that another 

limitation of the model is noted. STARS cannot operate at temperatures lower than zero 

degrees Celsius. During the simulation, numerous warning messages are received that an 

attempt was made in various grid blocks to lower the temperature below zero °C. In this 

circumstance, STARS tries to recalculate the last time step so that temperature is equal or 

greater than zero. These multiple iterations are one reason for the long simulation execution 

time. In reality, the reservoir temperature may reduce below zero °C, and inhibit the hydrate 

dissociation. However, STARS will reiterate the time steps so that the temperature does not 

fall below zero degrees by reducing the rates of hydrate dissociation, thereby accounting for 

some of the reduction in dissociation due to low temperatures that would be experienced in 

the field.
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Figure 5.22: Temperature - Base Case -  2007/12/17



As the hydrates continue to dissociate, the volume of the reservoir that is at low temperatures 

increases (Figure 5.23). The area near the wellbore, which by now is free of hydrate, begins 

to increase in temperature, as heat flows from the surrounding rocks. A cross section view 

after almost ten years of production shows the cold zone moving up the reservoir as the 

dissociation front moves up the reservoir (Figure 5.24).
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Figure 5.23: Temperature - Base Case - 2014/11/10

Figure 5.24: Temperature - Base Case -  2014/11/10
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Bushears et al. (1986) predict that excess cooling of the reservoir during dissociation may

occur with hydrate accumulations at or near zero °C, leading to freezing. Burshears et al. 

recommends that depressurization methods should only be used in hydrate reservoirs deeper 

than 2,300 feet (~700 meters). The majority of the reservoir in this study is noted to be 

above this depth.

The zone cooled to or near to zero °C increases as the energy absorbed due to the hydrate 

dissociation and the Joule-Thomson effect is in excess of the heat that flows from the 

surroundings (Figure 5.25). As previously noted, the water produced during dissociation 

should flow to the base of the reservoir. If the reservoir cools before this has occurred, an ice 

plug could form, effectively sealing off the hydrate, stopping dissociation until the zone 

absorbs enough energy to increase the temperature, melt the ice and allow the gas to flow 

again. However, there is a risk that a freeze-thaw cycle could establish as the hydrate 

dissociation stops and starts as ice plugs melt and freeze.

Figure 5.25: Temperature - Base Case -  2020/01/02



Initial pressures in the reservoir vary according to the depth of the portion of the reservoir 

(Figure 5.26).
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Figure 5.26: Pressure • Base Case - 2005/01/01

After three months, the pressures in the lower portions of the hydrates begin to equalize, 

though only to a small degree (Figure 5.27).

Figure 5.27: Pressure - Base Case - 2005/03/02



The free gas zone and the hydrate accumulation immediately adjacent to the free gas zone 

begin to lose pressure; and gas is produced at a rate of 25 mmscfd per well (Figure 5.28).
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Figure 5.28: Pressure - Base Case ■ 2005/10/28

As the production period increases, the depressurization continues to migrate through the 

hydrates (Figure 5.29 and Figure 5.30).



Figure 5.29: Pressure - Base Case - 2007/04/21

Figure 5.30; Pressure - Base Case - 2010/02/04



After ten years of production, the entire reservoir shows significant pressure depletion, with 

the lower portion of the reservoir near the minimum well BHP (Figure 5.31)
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Figure 5.31: Pressure - Base Case - 2015/01/09

This depletion continues until the end of the simulation (Figure 5.32).

Figure 5.32: Pressure - Base Case - 2020/01/02



5.1.1.2 100 mD, 25 mmscfd max flow rate

Recognizing that the absolute permeability of the reservoir may be less than anticipated, a 

simulation with reduced reservoir permeability was also run. The production profile is 

illustrated in Figure 5.33. To allow ease of comparison, the profile for the 300mD case is 

included.
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Daily Gas Production Rate

time (days)

— ~“ 300 mD --------100mD

Figure 5.33: Production Rate, Reduced Permeability

As expected, the plateau duration is shorter and the initial decline steeper for a 100 mD 

reservoir. However, the subsequent decline is relatively slow, suggesting that the amount of 

gas generated by the hydrates is close to the production potential of the well.



5.1.1.3 300 mD and 100 mD, 15 mmscfd max flow rate

Recognizing that in a field situation the cooling of the reservoir may cause production 

problems and become a limiting factor, simulations were performed with a maximum flow 

rate of 15 mmscfd per well. During the execution of the simulation, warning messages are 

still received that the reservoir temperature reaches zero °C in some blocks, this is likely to 

be a case with any large-scale simulation using STARS in this way. However, the reduced 

flow rate should help minimize excessive for a reduced production output due to excessive 

cooling of the reservoir. Absolute permeabilities of both lOOmD and 300 mD were modeled.

Figure 5.34 displays the production profiles.
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Figure 5.34: Production Rate 300mD, 15 mmscfd Max Rate



The plateau durations are greatly extended, and in the case of the 300 mD reservoir, it lasts 

over ten years. The 100 mD reservoir is on plateau for almost five years. However, the 

extended plateau periods do not completely compensate for the overall reduced flow rates 

and total cumulative production is 150.2 bcf and 108.6 bcf for the 300mD and 100 mD 

reservoirs respectively. This compares with total production of 161.6 bcf and 112.6 bcf for 

the corresponding reservoirs produced with a 25 mmscfd initial flow rate.

5.1.1.4 Contribution to gas production from gas hydrates

It is of interest to determine the overall contribution the hydrate dissociation is making to the 

gas production volumes. STARS cannot differentiate methane from the free gas zone from 

methane from hydrate dissociation. To achieve some approximation of the relative overall 

volumes, a crude estimation technique was used.

The production profile of the free gas zone was simulated. This was achieved by assigning all 

hydrate blocks a NULL value, essentially removing them from the simulation (Figure 5.35). 

All other reservoir and well settings were identical to the full simulation being compared.
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Figure 5.35: Free Gas Only Simulation

Although a comparative rate profile can be produced (Figure 5.36), which gives an indication 

of relative volumes, it is not entirely accurate, because the free gas component is examined in 

isolation, which is not the case in reality.

Daily Production Rates

Time (Days)

—  Free Gas Only Free Gas + Hydrate

Figure 5.36: Hydrate and Free Gas Only Production Rates
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While on first inspection the free gas provides the initial plateau and then quickly declines to 

zero, this is not accurate. In the field, as soon as the reservoir pressure has reduced to below 

the hydrate stability pressure, the hydrate will start to dissociate, augmenting production from 

the free gas zone. A better way of expressing the relative contributions, given the constraints 

on modeling, is by cumulative amounts, such as is illustrated in Figure 5.37

Figure 5.37: Cumulative Contributions from Hydrate and Free Gas

The ratio of hydrate to free-gas contribution will depend on the initial ratios of hydrate/gas 

volume. In this scenario, where approximately three-quarters of the reservoir is occupied 

with hydrates and the remainder free-gas, the contribution to overall recovery from 

dissociation is seen to be significant.



A further simulation was run with a complete reservoir block containing free gas (and water) 

only. The block had the same dimensions and properties as the base case simulation. Gas 

saturation was 0.8, water saturation 0.2, both constant throughout the reservoir. Production 

from the wells was set at 25 mmscfd maximum and the cases run for a reservoir permeability 

of 300 mD and 100 mD.

The simulated production profiles are shown in Figure 5.38.
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Figure 5.38: Production Profiles - Free Gas Only vs. Hydrate

The block containing just free gas exhibits an extended plateau wells drain the entire block 

unimpeded by hydrate accumulations. However, after the plateau period, production quickly
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declines as the reservoir depressurizes. There is no replenishment of gas from the 

dissociating hydrate. Cumulative production from both the gas cases is 126 bcf. This 

compares with 162 bcf for the hydrate base case. However, in the gas only case, the reservoir 

is largely depleted with no further potential. As section 5.1.6 describes, the hydrate reservoir 

still has significant production potential beyond the end of the simulation.

5. 1. 1.5Reduced Hydrate Saturation

In order to ascertain the effect of different hydrate saturations to the overall production, the 

hydrate saturation was changed to 0.5. Water saturation in the hydrate zone was increased to

0.4, with free gas saturation in the hydrate remaining the same as the base case at 0.1.

Comparing the production rate for a reduced saturation in a 300 mD reservoir with the base 

case (Figure 5.39), at the beginning of the production period there is no variation between the 

production rate of the 0.5 (reduced) hydrate saturation and the 0.7 (base case) hydrate 

saturation. During the early period, the majority of the gas production is coming from the 

free gas zone, which is not affected by the hydrate saturation.
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Figure 5.39: Production Profiles, Reduced Hydrate Saturation, 300mD

It is noted that the plateau period is extended slightly when the hydrate saturation is 

decreased. As hydrate saturation decreases, it is implied that the water saturation increases. 

The additional water has an increased mobility compared to the hydrate and it is believed that 

the flow of water out of the hydrate zone aids the mobility of the hydrate that begins to 

dissociate away from the interface, and assists its flow to the wellbore. After this effect 

however, the gas rate for the reduced saturation cases quickly declines below the base case 

rate. After the initial rate support, the additional water has begun to collect near the 

wellbore, acting as a barrier to gas flow between the hydrate dissociation and the wellbore. 

Figure 5.40 illustrates the increased the water saturation above the well for the same point in 

time for the two reservoirs.
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Figure 5.40: Water Accumulation near Well

A reduced saturation in a lOOmD permeability reservoir exhibits the same plateau extension 

as the 300mD reservoir. After the plateau however, the rate decline is approximately the 

same for both levels of hydrate saturation (Figure 5.11).
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Figure 5.41: Production Profiles, Reduced Hydrate Saturation, 100mD

5.1.2 Three Wells

The second set of simulation scenarios featured three wells equally spaced along the hydrate- 

gas interface in order to investigate whether an additional well would speed depressurization 

and increase hydrate dissociation. In the split-block treatment of the simulation it is not 

possible to simulate ‘half a well’, so a second well is placed in the last row (Figure 5.42). In 

order to account for the fact this well would be additionally producing from the other half of 

the fault block, the maximum flow rate for this second well is half that of the principle well.



Figure 5.42: Two (Three) Well Configuration

5.1.2.1 3 Well, 300 mD, 25 mmscfd Rate

The simulation was run using the ‘base case’ configuration, except with the addition of a 

well (Figure 5.43).

Daily Gas Production Rate

Time (Years)

Figure 5.43: Three Well Scenario - Base Case
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As expected, the plateau rate is increased to approximately 75 mmscfd and the duration of 

the plateau decreases to just less than two years (c.f. 3.3 years for the two well case). The 

decline slope is similar to the two well case. Overall, production is increased slightly, with a 

cumulative production of 169.8 bcf, compared to 161.5 bcf for the two-well case.

Variations on the base case were run as with the two well scenario, varying in permeability 

and maximum well rate. Figure 5.41 illustrates the different production profiles, with the 

base case profile included as a comparison. The outcomes had the same trends as the two 

well experiments: a decrease in permeability resulting in reduced gas production and a lower 

maximum rate leading to a smaller cumulative gas production.

Daily Gas Production Rate

Time (Years)

300mD 25mmscfd --------- 100mD 25mmscfd

300mD 15mmscfs - - - -100m D 15mmscfd

Figure 5.44: Three Well Scenarios - Gas Production Rate
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It can be concluded that an additional well aids the initial depressurization of the free gas 

zone, but subsequently, wells are not main limiting factor in the depressurization of the 

reservoir. 300 mD is considered an excellent degree of permeability for a gas reservoir and 

in the absence of any compartmentalization, when considering the width of the fault block, 

two wells would be sufficient for adequate drainage.

5.1.3 Horizontal Well

The reservoir payzone is comparatively thin, between 20 and 10 meters. As such, it may be 

beneficial to utilize a single horizontal well drilled parallel to the hydrate-gas interface 

(Figure 5.45). This should provide efficient depressurization along the hydrate interface and 

be cost effective, because only one well has to be drilled from the well pad, 3 miles distant.

Figure 5.45: Horizontal Well Configuration
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The scenario was run in a 300 mD reservoir. The well maximum flow rate was set at 50 

mmscfd with a minimum BHP of 300 psi.

Comparing the rates with other well configurations for the same reservoir (Figure 5.46), the 

horizontal well proves to have some marginal benefits, with an extended plateau compared to 

a two-well case, and a slower decline rate as opposed to a three-well scenario.

Daily Gas Production Rate

time (days)

 Horizontal W ell - - - - 2 W e lls  3 W ells

Figure 5.46: Horizontal and Multiple Well Production Rates

When considering the simulated rates for the horizontal well, caution must be applied 

because of the effects of doubling the simulation results to represent the fault block. The



horizontal section of the well in the simulation is 0.5 mile, when doubled in length, the 

effects of friction and turbulence inside the wellbore will be different, having an impact on 

production rates.

Cumulative Production is 173 bcf. This compares to 161.5 bcf for the two-well case and 

169.8 bcf for the three-well case.

Reference to the graphical representations of the simulation, it is confirmed that with a 

horizontal well, hydrate dissociation is marginally more efficient than with other scenarios. 

Compare Figure 5.47, which shows the hydrate dissociation front in the reservoir after 6 

years of production, with Figure 5.9, which is taken at the same period of time in the two 

well case. The main hydrate dissociation front in the horizontal well case is approximately 

500 meters more advanced than the two well case.

I l l

Figure 5.47: Hydrate Dissociation - Horizontal Well - 2011/01/30
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The configuration of the horizontal well also affects the water production rates. Figure 5.48 

shows the produced water profile for the horizontal well, with rates for two and three wells in 

the same type of reservoir.

Produced Water Daily Rate

0 2000 4000 6000

Time (days)

 Horizontal Well ----- 2 W ells ------ 3 Wells

Figure 5.48: Water Production Rates -  Horizontal and Multiple Well Cases

The produced water rates for a horizontal well are significantly greater than the conventional 

well cases, though in overall context, the produced water in any of the scenarios is not high. 

This phenomenon is explained by the location of the horizontal well in the reservoir. During 

the early dissociation, water produced during the dissociation process sinks to the bottom of 

the reservoir. Unlike the conventional wells, the horizontal well is located several meters



above the base of the reservoir, so is not affected by water accumulation initially (Figure 

5.49). The reason for the water production ‘peak’ early in the horizontal simulation is 

unknown, but it could be due to slugging of water that has collected in the wellbore, swept in 

by the high flow rates during initial depressurization, or it could be a simulation error.
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Figure 5.49: Water Saturation - Horizontal Well -  2009/08/08

As the water builds up in the reservoir, it reaches the horizontal well (Figure 5.50). As the 

entire well is exposed to the water buildup, rates are higher than conventional wells.
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Figure 5.50: Water Saturation - Horizontal Well -  2015/01/09

Further horizontal well simulations were run, using the same variations in permeability and 

well rate used for the conventional well simulations. The trends established for the 

conventional wells are broadly followed, with reduced permeability impacting production 

rates and in some cases, such as the 300mD, 30 mmscfd max flow rate scenario, extending 

the plateau period by a significant extent.
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Figure 5.51: Production Rates - Horizontal Wells

5.1.4 Infill Wells

Considering the 300mD, 2 well, 25mmscfd rate case, after a number of production years, the 

un-dissociated hydrate front is approximately 0.5 km distant up dip from the producing wells 

(Figure 5.52). A case was run to investigate the effect of drilling two new wells near the un

dissociated hydrate front after a number of years of production. After 10 years production, 2 

wells were drilled 1 km from the original wells. The wells constraints were set to the same



values as the original wells, with a maximum rate of 25mmscfd and a m inimum BHP of 

-300 psi.
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Figure 5.52: Additional Well Drilled After 10 Years

The additional well results in a short-term increase in rates compared with the base case, and 

although the rate quickly declines, it remains slightly higher than the base case rate. 

However, in the late stages of production, when overall rates are low, the additional well only 

increases overall recover by 5.1 bcf: having a cumulative production of 166.7 bcf compared 

to 161.6 bcf for the base case.
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Daily Gas Production Rate

time (days)

—  Infill Drilling —  Base Case

Figure 5.53: Comparative Production Profile - Infill Well

A cross-section of the reservoir compared with the base case shows an increase in the area 

that there has been a complete dissociation of the hydrate (Figure 5.54). The dissociation 

front is accelerated approximately 400 meters when an infill well is drilled.
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Figure 5.54: Comparison of Advance of Dissociation Front

5.1.5 Cumulative Production and Recovery Ratios

A summary of cumulative gas production amounts for the various scenarios is summarized in 

Table 5.1 and Figure 5.55. Maximum well flow rate only has a small impact on the 

cumulative production, although the timing of the gas recovery is delayed with a lower well 

rate. An additional well increases recovery marginally. The biggest impact on recovery and 

production is the permeability of the reservoir.
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Table 5.1: Cumulative Production Volumes

Scenario Cumulative Recovery %
2 Wells 300mD 25 mmscfd 161.56 51.83%
2 Wells 300mD 15 mmscfd 150.20 48.19%
2 Wells 100mD 25 mmscfd 112.83 36.20%
2 Wells 100mD 15 mmscfd 108.63 34.85%
3 Wells 300mD 25 mmscfd 169.81 54.48%
3 Wells 300mD 15 mmscfd 163.98 52.61%
3 Wells 100mD 25 mmscfd 118.11 37.89%
3 Wells 100mD 15 mmscfd 115.19 36.96%
1 Horizontal 300mD 50 mmscfd 173.05 55.52%
1 Horizontal 100mD 50 mmscfd 118.88 38.14%
1 Horizontal 300mD 30 mmscfd 159.39 51.14%
1 Horizontal 10OmD 30 mmscfd 118.88 38.14%
Additional Well 300mD 25 mmscfd 166.7 53.47%

Figure 5.55: Cumulative Production
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5.1.6 Extended Production

Recognizing that at the end of a 15-year production period only approximately 50% of the 

gas initially in place has been recovered, an extended 30-year production simulation of the 

base case was performed (Figure 5.56).

0 5000 10000

time (days)

Figure 5.56: Production Rate, 30 Year Simulation

At the end of the simulation, the total cumulative production was 230 bcf. This is a recovery 

rate of 73.7% of the initial gas potential in place.

A cross section of the reservoir at the end of the simulation period (Figure 5.57) shows that 

un-dissociated hydrate remains in the reservoir. The dissociation of the remaining hydrate is



likely to be hindered by the low temperatures of the reservoir that has cooled to 0 °C 

throughout most of the initial hydrate zone.
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Figure 5.57: Hydrate Saturation & Temperature at End of Simulation



5.2 Economic Modeling

The production profiles generated as described in section 5.1 were inputted into the economic 

evaluation model. Certain sensitivity checks were carried out on selected profiles.

5.2 . 1  Two Wells in Fault Block

The 2 Well, 25 mmscfd, 300mD 15 year production base case was evaluated with the 

economic base case parameters given in section 4.6. Sanction (project evaluation date) was 

set at 2005, with first gas production in 2007. The project has a positive net present value of 

$6 million. This and other economic indicators are summarized in Table 5.2.
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Table 5.2: Economic Indicators - Base Case

Project NPV Rate of Return Capital Effic. Payback
Base case $4.9 mm 16.3% 0.31 7 years

Different investors have different requirements for investments; however, this scenario 

would usually qualify as an acceptable investment.

Before considering sensitivities, it is interesting to note the undiscounted cash flows for 

various categories.



Total Production volumes, after royalty are 129.5 bcf. The total turnover from gas sales is 

$646.49 million. Lifting costs are $39.23 million and North Slope transportation and 

processing tariffs are $51 million. Capital expenditure is $9.4 million on drilling and $9 

million on the pipeline, plus $760,000 contingency. The value of Royalty payments to the 

State is $23.8 million. In contrast, payment for gas transportation to the lower 48 amounts to 

$476.3 million; over 70% of total revenue. It is apparent that the project will be very 

sensitive to changes in gas price and transportation tariff.

The results of the sensitivity analysis are listed in Table 5.3. Sensitivities were carried out on 

variations in gas price, Alaska Gas Line Tariffs, Capital Expenditure, Lifting Costs and 

Royalty Rates. The gas production profile was not altered, as the different simulation 

scenarios offer a wide range of production rates.
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Table 5.3: Sensitivity Analysis - Base Case

Sensitivity NPV -10% Increase NPV -10% Decrease
Gas Price $22.3 mm ($12.4) mm

AK Pipeline Tariff ($25.5) mm $32.4 mm

Capex $3.7 mm $6.3 mm

Lifting Costs $3.7 mm $6.3 mm

State Royalty $4.2 mm $5.8 mm

As little as a 10% variation in the gas line tariff or the gas price causes the value of the 

project to change considerably. The other sensitivities do not have the same impact. Capital



expenditure or lifting costs can be increased by 50% and the project remain NPV positive, 

which is expected: this is not a capital-intensive project, extensively using third-party 

facilities.

A ‘tornado’ diagram gives a visual guide to the resulting NPV when key variables are 

increased or decreased by a certain percentage, in this case, 10%. It helps illustrate the extent 

of impact that individual variables have on the overall project profitability (Figure 5.58).
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Figure 5.58: Sensitivity Tornado Diagram for Base Case



Economic evaluations were made on the other dual well simulations. The results are 

presented in Table 5.4.
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Table 5.4: Economic Indicators - Other 2 Well Scenarios

Project NPV Rate of Return Capital Effic. Payback
10OmD 25mmscfd max ($1.1mm) 6.8% - -

300mD 15mmscfd max $1.5mm 10.7% 0.09 12 years

100mD 15mmscfd max ($2.7 mm) 4.6% - -

Evidently, a reduced absolute permeability of the reservoir rock has implications on the 

project profitability. A reduced maximum flow rate also reduces the investment return as it 

delays production of gas. However, it should be considered that the lower rate might have to 

be implemented because of excess cooling in the reservoir.

5.2.2 Three Wells in Fault Block

The economic indicators from analysis of the profiles generated in section 5.1.2 are listed in 

Table 5.5.

Table 5.5: 3 Well Scenarios - Economic Indicators

Project NPV Rate of Return Capital Effic. Payback
300mD, 25mmscfd max $3.2 mm 13.2% 0.15 9 years
10OmD 25mmscfd max ($3.8 mm) 2.6% - -

300mD 15mmscfd max 1.0 mm 10.7% 0.05 13 years
100mD 15mmscfd max ($4.8 mm) 1.7% - -
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In section 5.1.2 it was concluded that the good permeability of the reservoir means that two 

wells are sufficient to drain the well block. The initial accelerated gas production and the 

incremental cumulative recovery do not offset the additional cost of drilling an extra well.

The third extended reach well is calculated to have a cost of $ 10 million. If the free gas zone 

were accessible with conventional wells or short step out multilateral wells, drilling costs 

would be reduced. However, for conventional wells to reach the target area would require the 

construction of a new gravel drilling pad nearer the hydrate-gas interface.

Any degree of compartmentalization of the reservoir may force the inclusion of additional 

wells into the development program, having an impact on profitability. If the reservoir is 

compartmentalized, requiring additional wells, the economics of constructing a new drilling 

pad, allowing more cost effective conventional wells to be used should be investigated.

5.2.3 Horizontal Wells

The horizontal scenario has a higher production profile than the two-well case and additional 

recovery. It also benefits from lower drilling costs, utilizing one extended reach horizontal 

well as opposed to two ERD wells. The cost for a horizontal well targeting a pay zone three 

miles distant, with a horizontal section of 1 mile was calculated as $5.8 million. This 

compares with a cost for two ERD wells of around $10 million.
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Table 5.6: Economic Indicators - Horizontal Well

Project NPV Rate of Return Capital Effic. Payback
Horizontal 300mD 50mmscf $8.9 mm 23.6% 0.68 5 years

Horizontal 100mD 50mmscf $2.89 mm 15.3% 0.22 7 years

Horizontal 300mD 30mmscf $4.5 mm 14.9% 0.34 9 years

Horizontal 100mD 30mmscf $0.8 mm 10.4% 0.06 12 years

As expected, the economic indicators are improved and could be assessed to offer an 

attractive investment case.

5.2.4 Infill Wells

The addition of an infill well results in a small decrease in the profitability of the project 

compared to the base case (Table 5.7). The improvement in production rate later in the 

project and overall recovery does not compensate fully for the additional cost of drilling an 

ERD well, as was found in the three well cases in section 5.2.2.

Table 5.7: Economic Indicators -  Infill Well

Project NPV Rate of Return Capital Effic. Payback
Infill Well Case $3.7 mm 14.7% 0.23 7 years

Base case $4.9 mm 16.3% 0.31 7 years



5.2.5 30 Year Simulation

Running the simulation for 30 years improves the economic returns compared with a 15 year 

simulation, yet not greatly (Table 5.8). This is explained by the production decline and low 

margin for gas sales coupled with the effect of discounting payments for periods far in the 

future.
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Table 5.8: Economic Indicators -  30 Year Simulation

Project NPV Rate of Return Capital Effic. Payback
30 Years $3.7 mm 14.7% 0.23 7 years

15 Years $4.9 mm 16.3% 0.31 7 years

5.2.6 Comparison of Hydrate and Free Gas Reservoirs

Section 5.1.1.4 described a simulation of a reservoir block containing only free gas and 

water. The economic analysis of the profiles simulated is given in Table 5.9 with the 

economic analysis for the corresponding hydrate case listed as a comparison.

Table 5.9: Economic Indicators -  Free Gas Simulation

Project NPV RoR Capital Effic. Payback
Free Gas Only 300 mD $3.1 mm 15.6% 0.2 6 years

Hydrate and Gas 300 mD $4.9 mm 16.3% 0.31 7 years
Free Gas Only 100 mD $2.8 mm 14.8% 0.18 6 years

Hydrate and Gas 100 mD ($1.1 mm) 6.8% - -



The economic evaluation for the gas only cases is favorable. The high reservoir permeability 

and unimpeded weJ drainage leads to a long plateau and the majority of the potential gas is 

produced early in the simulation, which improves the project returns.

5.2.7 Production from Multiple Fault Blocks

Computing limitations restrict the size of the reservoir that can be efficiently modeled to one 

fault block. However, in practice, the production from multiple fault blocks is likely to be 

economically attractive because local pipeline capital costs are borne over a greater volume 

of production. Contrasting this, drilling costs will increase faster than unity, as adjacent fault 

blocks are likely to be situated farther from the drill pad. For this reason, two neighboring 

blocks are likely to be optimal for production from the same well pad, further blocks 

requiring too long a well step out length.

Production profiles were summed together. To take account of construction times and rig 

availability, production of the second fault block commences one year after the initial 

production. Pipeline costs remained fixed. Drilling expenditure used the methodology 

outlined in section 4.6.1, with each additional well increasing in cost.

The three well per fault block was not considered. As well as not being the optimal 

development configuration, the local gas pipeline has a nominal maximum flow rate of 100 

mmscfd. The three-well scenario has a peak plateau rate of 75 mmscfd per fault block. With
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the production of two fault blocks, production would be constrained by transportation 

capacity.

Table 5.10 summarizes the economic evaluations for two fault block production scenarios. 

Except the horizontal case, each block is produced via two wells.

Table 5.10: Two Fault Block Economic Indicators

Project NPV Rate of Return Capital Effic. Payback
300 mD 25 mmscfd Max $15.5 mm 24.8% 0.9 6 years

100 mD 25 mmscfd Max $6.9 mm 16.4% 0.33 7 years

300 mD 15 mmscfd Max $11.8 mm 17.2% 0.53 9 years

100 mD 15 mmscfd Max $3.8 mm 12.5% 0.17 10 years

Horizontal $27.4 mm 37.0% 1.97 4 years

When the cost of the local pipeline is distributed over a larger project, all scenarios become 

NPV positive, including the reduced permeability/reduced well rate cases.

It can be concluded that the scale of the project is important. Because the project is modular, 

it can be expanded step-wise. If the production of gas from hydrates is prolific, expansion 

will increase economic returns. If the production experience proves feasible but not as 

efficient as predicted, development of a neighboring block may help bring the project from a 

loss to a positive return. If the initial production trial proved disappointing, the project could 

be abandoned before any steps to expansion were undertaken.



6 CONCLUSION AND RECOMMENDATIONS FOR FURTHER WORK

6.1 Conclusion

While recognizing this study has limitations due to the small amount of definitive input data 

and the approximations used, coupled with the imprecision of the hydrate dissociation 

simulator, useful conclusions can still be drawn from the study.

Production profiles generated from the simulations indicate that an accumulation of methane 

hydrate in a reservoir will begin to dissociate when the reservoir pressure is lowered. The 

volumes of gas produced in the base case scenario are sufficient to produce a rate of return 

on the investment cost of the project, though this is very dependent on the gas price and 

transportation tariff. A reduced permeability results in an economic loss, though this can be 

overcome by expanding the project to reduce the burden of pipeline capital costs. The high 

permeability of the reservoir means that one horizontal or two vertical wells are sufficient. 

Additional wells increase gas production, but the high cost of drilling the extended reach 

wells is not compensated for by the increased gas sales revenue.

The results give encouragement that it is worthwhile to continue efforts into hydrate research, 

with the aim of running a pilot/demonstration project on the North Slope.

An area of concern is the lowering of the reservoir temperature due to the endothermic nature 

of the dissociation reaction and a Joule-Thomson effect. A reduction in temperatures may
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lead to freezing of water in the reservoir, plugging the formation and preventing efficient 

depressurization.

Total recovery of the potential gas volumes from the hydrate over 15 years is low, under 5%. 

Substantial depletion of a reservoir using depressurization alone would be a lengthy process 

and as such, methods to increase the rate of dissociation should be investigated for 

effectiveness and economic impact.

6.2 Recommendations for Further Work

Further work recommended to build on the results of this study includes:

i. Running simulation scenarios using the Laurence Berkeley National Laboratory’s

EOSHYD2-TOUGH2 simulator. EOSHYDR2 is specifically designed to model the 

dissociation of hydrates and would add more certainty to the results, while also

allowing more flexibility in simulations, permitting experiment on the changes in

kinetic values for instance.

ii. Laboratory experiments are needed to determine the relative permeabilities of 

methane hydrate in porous media.
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Additional geological characterization of the hydrates in the Milne point area to 

determine the lateral extent, thickness and compartmentalization of the 

accumulations.

Refinement of estimates and input data used in this study to reduce the uncertainty of 

the capital costs of the project.
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